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EXECUTIVE SUMMARY

This document presents the Best Available Reti@ithnology (BART) analysis for each of three
major pollutants: nitrogen oxides (NI sulfur dioxide (S@), and particulate matter (PM) for
Minnkota Power Cooperative, Inc.’s (Minnkota’'s) Whiand Square Butte Electric Cooperative’s
(Square Butte’s) Unit 2 at the Milton R. Young 8iat(MRYS) located near Center, North Dakota.
On July 6, 2005, the United States Environmentatdetion Agency (U.S. EPA or EPA) finalized
the Regional Haze Regulations (RHR) and GuidelioeBART Determinations. The final
regulations require eligible sources to be analyeatktermine a BART emission limit for nitrogen
oxides (NQ), sulfur dioxide (S®, and particulate matter (PM). The North DakotpBrtment of
Health (NDDH) reviewed the operational history ajrth Dakota sources and determined which
sources were BART-eligible and provided a statesi$igeanodeling protocol for use in the analysis.
Milton R. Young Station Unit 1 and Unit 2 were daténed to be BART-eligible by the NDDH. As
discussed in the introduction to the BART analysisall emission units at MRYS produce emissions
in levels anticipated to be too low to affect vibip in Class 1 areas and were excluded from ferrth
consideration in the study. This BART determinatieas conducted in accordance with the

eligibility conclusion made by NDDH and follows thdDDH protocol.

Once a source is determined to be eligible, thexdize predefined steps for conducting a BART
analysis for each pollutant. Steps 1 through Bigheidentifying control technologies, evaluating
feasibility, and ranking feasible options by cohtfiectiveness. Step 4 involves a technical
evaluation of various impacts related to each lagiontrol technology. The evaluation reviews
include economics, energy, and non-air environmémigacts. Visibility impairment impacts in the
nearest Class 1 areas for the dominant controls\aeiated in Step 5. A summary ranking of
control technologies for regulated pollutants hralvide a cost effective system of emission
reduction and visibility impact reduction is devatal. The results of conducting this five step
analysis is a recommendation for selection of BARfich is then translated into an emission rate
constituting BART that must be achieved by theiblegsource for each major regulated pollutant.
Although the impacts requiring analysis are expligtated within the RHR and Guidelines, no
methodology is provided for using the impacts tesea control technology. Thus, each State has
discretion in weighing the various impacts ideetifin the BART analysis for emission sources
within their jurisdiction based upon source chaggstics, reviewed technologies, and background

information used to perform the evaluation.

Minnkota Power Cooperative, Inc. ES-1 Burns & McDonnell
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This analysis used several reference works, inatuthe RACT/BACT/LAER Clearinghouse

(RBLC), to identify which control technologies teatuate. The technologies were then reviewed for
feasibility and those deemed to be infeasible weéminated from further study. The feasible cohtro
technologies were ranked by control efficiency astimates of costs to implement, operate, and
maintain such technologies were developed. Comgaverage and incremental control costs
allowed inferior controls to be removed from thet.liRemaining technologies were evaluated based
upon other impacts and predicted reductions irbiitsi impairment. The final BART

recommendations were then made for each pollutahtiee summarized in the tables below.

Prior to the completion of this analysis, Minnketaered into a Consent Decree (CD) with the EPA
and the NDDH. This CD requires Minnkota and Squgute to perform a Best Available Control
Technology (BACT) analysis for NOemissions controls, and establishes minimum rehrates for
SO, and maximum PM emission rates for Unit 1 and @Qrat MRYS. For N@ emissions control,
certain control technologies were evaluated asireg|ipy the CD. The BART evaluation process for
NOy control technologies was modified to use the BAgDalysis study. Submittal of the BACT
analysis and additional support documents to th®NDccurred on October 6, 2006, March 19, and
April 23, 2007 respectively. For sulfur dioxidedgparticulate matter emissions, a BART analysis for
each Unit at MRYS was performed.

Based upon an evaluation of thé"qrcentile visibility impairment modeling resultse control
technologies recommended as BACT for,Ngnissions and those recommended as BART fgr SO
and PM emissions had an acceptable impact reducBerause there was an acceptable impact
reduction in all cases, the BART recommendatiorsisis of the control technologies at the modeled
emission rates. The BART recommendations for @atlatant and each unit are summarized in the
tables below. The recommended BART emission atepresented as a 30-day rolling average to

account for variations in boiler operation, fuelfgsucontent and fly ash properties.

Burns & McDonnell ES-2 Minnkota Power Cooperative, Inc.
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MRYS Unit 1 Recommended BART 30-Day Rolling Average

Emission Rate
Pollutant Control Technology (Ib/million Btu)
Advanced Separated Over Fire Air (ASOFA) and

NOx . . . 0.36*
Selective Non-Catalytic Reduction (SNCR)

SO, Wet Flue Gas Desulfurization (FGD) Process 0.15

PM Maintain Existing Electrostatic Precipitator (ESP) 0.030

* Excludes startups. See referenced BACT amafgsia detailed discussion.

MRYS Unit 2 Recommended BART 30-Day Rolling Average

Emission Rate
Pollutant Control Technology (Ib/million Btu)
Advanced Separated Over Fire Air (ASOFA) and

*
NOx Selective Non-Catalytic Reduction (SNCR) 035
SO, Upgrade of Existing Wet Flue Gas Desulfurization (FG@cEss 0.30
PM Maintain Existing Electrostatic Precipitator (ESP) 0.030

* Excludes startups. See referenced BACT anafgsia detailed discussion.

Minnkota Power Cooperative, Inc. ES-3 Burns & McDonnell
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1.0 INTRODUCTION

The United States Environmental Protection Agettys( EPA or EPA) finalized the Regional Haze
Regulations (RHR) and Guidelines for Best AvailaRkrofit Technology (BART) Determinatiohs
in the Federal Register on July 6, 2005 (70 FR 3R1BART is defined as “an emission limitation
based on the degree of reduction achievable thrtheghapplication of the best system of continuous
emission reduction for each pollutant which is ¢editby a BART-eligible source. The emission
limitation must be established on a case-by-casks baking into consideration the technology
available, the costs of compliance, the energyremmdair quality environmental impacts of
compliance, any pollution control equipment in as¢he source, the remaining useful life of the
source, and the degree of improvement in visibilibich may reasonably be anticipated to result
from the use of such technology” (70 FR 39163)isocument presents the BART analysis for
each of three major pollutants: nitrogen oxides {NGulfur dioxide (SG), and particulate matter
(PM) for Minnkota Power Cooperative, Inc.’s (Minrtkts) Unit 1 and Square Butte Electric
Cooperative’s (Square Butte’s) Unit 2 at the MilienYoung Station (MRYS) located near Center,
North Dakota.

11 BART ELIGIBILITY

A BART eligible source is one that meets threeecidt identified by EPA in the RHR and Guidelines
for the determination of BART. A source is BARTgdble if operations fall within one of 26
specifically listed source categories (70 FR 3918®) source entered into service between August 7,
1962 and August 7, 1977, and the source has tleafiatto emit 250 tons per year or more of a
visibility-impairing air pollutant (S@ NOx or PM). The North Dakota Department of Health
(NDDH) reviewed the operational history of souregthin North Dakota and independently
determined which of those sources are BART-eligillae NDDH classified the electric generating
units (EGUSs) at Milton R. Young Station as BARTegdtile. For the purposes of this report, the
NDDH'’s determination will be used and Units 1 anatRYS are assumed to be subject to a

BART analysis.

! “Regional Haze Regulations and Guidelines for Best Availablefefechnology (BART) Determinations”;
Environmental Protection Agency; Federal Register, Volum&d0128; July 6, 2005.
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1.2 BART ANALYSIS PROCESS

Where a particular source is determined to bet#igihe general steps for determining BART for
each pollutant are as follows (70 FR 39164):

STEP 1 - Identify all available retrofit controktenologies (within the BART Guidelines).
STEP 2 - Eliminate technically infeasible options.
STEP 3 - Evaluate control effectiveness of remgmiontrol technologies.
STEP 4 - Evaluate the following impacts for eadsible control technology and document
results:
(70 FR 39166).

+ The cost of compliance.

+ The energy impacts.

+ The non-air quality environmental impacts.

+ The remaining useful life of the source.

STEP 5 — Evaluate the visibility impacts.

Minnkota Power Cooperative, Inc. retained Burns &Mnnell to assist in the completion of the
Best Available Retrofit Technology analysis for ddit R. Young Station. Burns & McDonnell is a
full service engineering, architectural, constroietand environmental firmThe company plans,
designs and constructs electric generating fagsktnd has been providing environmental
services to the power industry since the 1970sa £esult of their long history providing these
services, Burns & McDonnell has extensive expeedngermitting, Best Available Control

Technology (BACT) studies and control technologglgsis similar to a BART analysis.

1.2.1 IDENTIFICATION OF RETROFIT CONTROL TECHNOLOGI ES

The initial step in the BART determination is tlaemtification of retrofit control technologies. In
order to identify the applicable control technokeyiseveral reference works are consulted. A

preliminary list of control technologies and thestimated capabilities is developed.

1.2.2 FEASIBILITY ANALYSIS

The second step of the BART process is to evalhateontrol processes that have been identified

and determine if any of the processes are teclyicdkasible. The BART guidelines discuss

Burns & McDonnell 1-2 Minnkota Power Cooperative, Inc.
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consideration of two key concepts during this stefhe analysis. The two concepts to consider are

the “availability” and “applicability” of each cordl technology.

A control technology is considered available, tiétsource owner may obtain it through commercial
channels, or it is otherwise available in the commense meaning of the term” or “if it has reached
the stage of licensing and commercial availabilit9n the contrary, a control technology is not
considered available, “in the pilot scale testitages of development.” (70 FR 39165) When
considering a source’s applicability, technicalgawnt must be exercised to determine “if it can
reasonably be installed and operated on the sdypee’ The EPA also does not “expect a source
owner to conduct extended trials to learn how falyap technology on a totally new and dissimilar
source type.” (70 FR 39165) “A technology thaavsilable and applicable is technically feasible.”
(70 FR 39165)

1.2.3 EVALUATE TECHNICALLY FEASIBLE CONTROL OPTIONS BY
EFFECTIVENESS

The third step in the BART analysis is to evaluatcontrol effectiveness of the technically fekesib
alternatives. During the feasibility determinatiarstep 2 of the BART analysis, the control
efficiency is reviewed and presented with the dpon of each technology. The evaluation of the
technically feasible BART alternatives concludethwvine alternatives ranked in descending order of

control effectiveness.

1.2.4 IMPACT ANALYSIS

Step four in the BART analysis procedure is thedot@nalysis. The BART Determination
Guidelines (70 FR 39166) lists four factors to basidered in the impact analysis. The BART
Determination will consider the following four faecs in the impact analysis:

+ The costs of compliance;

+ Energy impacts;

+ Non-air quality environmental impacts; and

+ The remaining useful life of the source.
The first three of the four factors consideredhia impact analysis are discussed in the associated
pollutant section. The remaining useful life of ource is included as part of the cost of

compliance.

Minnkota Power Cooperative, Inc. 1-3 Burns & McDonnell
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1.2.5 METHODOLOGY FOR ESTIMATED COSTS

The cost summary of each alternative is presentditei section for each pollutant. Installed cdpita
and annual O&M cost estimates for each alternatireepresented individually. The Levelized Total
Annual Cost (LTAC) represents the levelized anmoat of procurement, construction and operation
over a 20 year design life, in current (2006) dsllaThe LTAC represents an annual payment in

current day dollars sufficient to finance the pobjever its entire life.

In determining the LTAC, a Capital Recovery Faetnd an O&M Levelization Factor were
calculated from the project economic conditions tirash applied separately to the estimated capital
and O&M costs. The equation used is shown below.

g (L+ig)"

LACC/NPV =| —5— |=CRF
(1+|d)n -1

Where,

LACC = Levelized Annual Capital Cost

NPV = Net Present Value of the capital investmeeatgiired.
iqg = discount rate

n = design life in years

CRF = Capital Recovery Factor

Therefore:

LACC = CRF x NPV

For the economic conditions described in Tablell.the Capital Recovery Factor was calculated to
be 0.08718.

In determining the levelized annual O&M cost theémeated annual O&M cost, the escalation rate,
the discount rate, and the equipment life are takEnaccount. The O&M Levelization Factor

(OMLF) was calculated as follows.

[(1+i)” —1}
_ | g A+ig)" ) _
LAOMC/ A, = ) ((1+id)” _J-OMLF

The inflation rate (i) used in the above calculaii® determined as follows.

Burns & McDonnell 1-4 Minnkota Power Cooperative, Inc.
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. (14
i = 4 -1
1+,

Where,

LAOMC = Levelized Annual O&M Cost

A; = Estimated annual O&M cost in current dollars
ig = discount rate

i; = escalation rate

i = inflation rate

n = design life in years

OMLF = O&M Levelization Factor

Therefore:

LAOMC = OMLF x A;

For the economic conditions described in Tablell .the Operating and Maintenance Levelization

Factor was calculated to be 1.24873.

The Levelized Total Annual Cost, or LTAC is the safrihe levelized capital cost and the levelized
O&M cost. Therefore:

LTAC = LACC + LAOMC = (CRF X NPV) + (OMLF x 4) = 0.08718 x NPV + 1.24873 x,A

The economic analyses presented in this repormgtinclude the estimated capital and annual

O&M costs for each alternative, but also the LTAE économic comparison of the various

alternatives.

Minnkota Power Cooperative, Inc. 1-5 Burns & McDonnell
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Table 1.2-1 — Economic Factors

1

Total Possible Operating Hours per Y
Plant Capacity Factor

Amortization Life, Years

Cost of Money

Property Taxes, Insurance, %
Amortization Rate for APC Capital Costs
Interest During Construction (IDC)
Discount Rate

Construction Cost Escalation

Non-Fuel O&M Escalation

Fuel (coal and natural gas) Escalation
Operating Labor Rate, $/hr

Auxiliary Electric Power Cost, $/MW-hr

8,76(
85%
20
6%
NA
6%
6%
6%
3%
2.5%
2.5%
$40.00
$35.00

1. All costs are in 2006 dollars unless noted otherwise.

Burns & McDonnell 1-6
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1.3 BART ANALYSIS APPROACH

The purpose of the Regional Haze Rule (RHR) iddress visibility impairment in mandatory Class
1 areas that results from the emission 0§, 3y, PM,Volatile Organic Compounds (VOCs) and
ammonia from certain major sources. The only admirethod for VOCs identified in the
RACT/BACT/LAER Clearinghouse (RBLC) database is gq@ombustion practices. This control
technique is already in place at MRYS. If an asalyvere performed for VOCs, good combustion
practices would be the most probable method chimseBART. The visibility impact of VOCs and
ammonia are considered negligible for a BART ana)yaccording to the NDDH’s November 2005
modeling protocd| and are not addressed further in this reporfofehe actual BART analysis can
begin for S@, NOy, and PM, the approach used to conduct the analiisisld be addressed. The
following sections present specific subjects relateMRYS’s background, which warrant mention

due to their effects on the contents of the report.

1.3.1 BACKGROUND

Minnkota Power Cooperative, Inc. operates the MiF Young Station near Center, North Dakota.
MRYS is a steam electric generating plant with tiits. Unit No. 1 is a Babcock & Wilcox (B&W)
cyclone-type coal-fired boiler burning lignite cpaérving a turbine generator with a nameplategati
of 257 MW.? Particulate control is provided by a Researchr@€bElectrostatic Precipitator rated at
approximately 99% control. Unit 1 has no sulfumdie (SQ) control system and exhausts to a 300
foot tall stack. Unit No. 2 is a B&W cyclone-firethit burning lignite coal, with a turbine-genenmato
name plate rating of 477 MW.Particulate control for Unit 2 is provided by anéélabrator-Lurgi
precipitator rated at approximately 99% controhitl2 has a Combustion Equipment Associates wet
flue gas desulfurization (FGD) system (modified@ymbustion Engineering) that treats
approximately 78 percent of the flue gas with #maining flue gas by-passed for stack gas reheat.
The FGD system achieves approximately 75 perceptr&@oval and exhausts to a 550 foot tall
stack. Unit 1 began commercial operation on Nowem20, 1970 and Unit 2 on May 11, 1977.

2 “Protocol for BART-Related Visibility Impairment Modelirgnalyses in North Dakota”; North Dakota
Department of Health, Division of Air Quality; Novembef05.

3 “Generator Nameplate Data”; Emissions & Generation Resoumgrated Database (eGRID); U.S.
Environmental Protection Agency; April, 2003.

* |bid footnote 3 reference.

Minnkota Power Cooperative, Inc. 1-7 Burns & McDonnell
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On June 17, 2002, Minnkota Power Cooperative,femeived a Notice of Violation (NOV) from the
EPA. The NOV states that Minnkota allegedly vieththe Prevention of Significant Deterioration
(PSD) regulations. The NOV was issued pursuaBeittion 113 of the Clean Air Act. The alleged
violation was caused by modifications to both Unénd 2 at MRYS which allegedly resulted in a
potential increase of SONOy and PM. Without an admission of liability, Minrieoentered into a
settlement in the form of a Consent Decree (CDhwie EPA and NDDH to resolve the issues. The
CD requires that Minnkota perform a BACT analysisNlOx emissions and to install controls in a
two-part, phased approach. S4hd PM emissions for Unit 1 and Unit 2 at MRYS ieeguired to
achieve at or below the specified levels of unitssion rates (Ib per million Btu), and also minimum
levels of removal for sulfur dioxide emissions. eléffect of the CD on the BART analysis and the

requirements to install emission controls NSQ,, and PM are discussed later in the report.

1.3.2 CONTROL TECHNOLOGY EVALUATION AND BACT VS. BA RT

As stated above, once a source is determined étidible, there are general steps for conducting a
BART analysis for each pollutant. All retrofit dool technologies are first identified. A briefview

of the processes and their capabilities is thefopeed to determine availability and feasibility.
Subsequently, those available technologies deegasiie for retrofit application are ranked
according to control capability and an analysisitteviews the probable impacts of each technology.
The visibility impact is included in the impact dysis. Finally, the results of the analyses are

tabulated and possible BART control options artedis

As stated in the proposed BART guidelines dateday RD04 (69 FR 25218), a BART analysis is
similar to a Best Available Control Technology (BACanalysis.

“The process for a BART analysis is very similatlie BACT review as described in the
New Source Review Workshop Manual (Draft, Octo#90). Consistent with the
Workshop Manual, the BART engineering analysis meguthat all available control
technologies be ranked in descending order of obatfectiveness (i.e. percent control). You
[meaning States] must examine the most stringéertraltive first. That alternative is selected
as the “best” unless you demonstrate and docurtexttthe alternative cannot be justified
based upon the consideration of the five statui@etors discussed below. If you eliminate
the most stringent technology in this fashion, ffeen consider the next most stringent

alternative, and so on.
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Although very similar in process, BART reviews diffin several respects from the BACT

review described in the NSR Draft Manual.”

The proposed guidelines stated that a BART anailysisnilar to a BACT review and provided a few
examples of similarities and differences, butd dot explicitly state how the two analyses cowdd b
used in conjunction to obtain a determination. &mse BACT and BART are similar, there are many
aspects that can be combined to reduce the stepsarfalysis. However, because there are some

differences, a BART analysis must address someiaddi aspects that a BACT review does not.

A BART analysis is always conducted for existingrees and a BACT review is usually conducted
for a new source. Because BACT is usually perfarfioe a source that is a new design or
reconstruction, the review must take into accollrg\ailable technologies and must include the most
effective controls that have been demonstratedroites units. BACT is considered to be more
stringent than BART because it usually is not lediby the design of existing equipment or current
operating conditions as is required for a retrafiplication. Although MRYS is eligible to perform

an analysis to determine BART, the Consent Ded@& @lso requires that MRYS install levels of
control equivalent to BACT. Thus, the BART anadysan be shortened to only include the BACT-

level control technologies specified in the CDexhinologies that are more stringent.

Although Unit 1 and Unit 2 at MRYS are BART-eligihlthe Consent Decree (CD) also requires that
the NDDH establish BACT for Ncontrol. With the specification to establish BAG@F NOy, the
BART analysis was modified to replace the firstrf@ART evaluation steps with the N®BACT
analysis. The first four steps of BART are usuakhgd to identify technologies, determine feasipili
and evaluate cost, energy, non-air quality anduli$ié impacts. Because a BACT analysis resuits i
the selection of the best available control tecbgyp] the visibility impacts evaluation is the only
remaining step in the determination that must béopmed to satisfy BART for NQ The MRYS

NOy BACT analysis study reports and additional supdoduments were submitted to the NDDH on
October 6, 2006, March 19, and April 23, 2007 reigely. In addition, because the CD also
requires a minimum level of control for both S&hd PM, this analysis evaluates the visibility
impairment impacts of the BACT-level control teclogies specified for SOand PM. The BART
analysis does not review technologies that do doiege the minimum level of control specified in
the CD. The final BART recommendation is basednu@o acceptable degree of visibility

improvement in Class 1 areas.
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1.3.3 EMISSION SOURCE APPLICABILITY

There are two subjects within the Guidelines relatethe applicability of BART to emission
sources. The first subject deals with the presiv@@ART emission limits and their application to
power plants smaller than 750 MW in size. The @lings for BART Determination include the
following statement with regard to presumptive BART SQ, (70 FR 39171):

“You [meaning States] must require 750 MW powenfdao meet specific control levels for
SG; of either 95 percent control or 0.15 Ibs/mmBtu,dach EGU greater than 200 MW that
is currently uncontrolled unless you determine #raalternative control level is justified
based on a careful consideration of the statutaetofs. For a currently uncontrolled EGU
greater than 200 MW in size, but located at a pgent smaller than 750 MW in size, such

controls are generally cost effective and couldiged in your BART determination.....

Similarly for NOx, theEPA states (70 FR 39171):

“For coal-fired EGUs greater than 200 MW locatedraater than 750 MW power plants and
operating without post-combustion controls, we harevided presumptive NQimits
differentiated by boiler design and type of coalriad. You may determine that an alternative
control level is appropriate based on a carefusim®ration of the statutory factors. For coal-
fired EGUs greater than 200 MW located at powen{sld50 MW or less in size and
operating without post-combustion controls, youudtidikewise presume that these same

levels are cost-effective.”

For powerplants greater than 750 MW in size, tRA requires state agencies to apply the
presumptive limits for BART as a floor for N@ontrol. However, for powearlants smaller than 750
MW in size, the presumptive BART limits are desedlas being “cost-effective” but not set as a
minimum performance requirement. Thus, BART forlEG&t poweplants smaller than 750 MW in
size, like MRYS, is not required to meet the pregtive limits. This BART analysis for MRY'S will
evaluate potential control options that achievecibrgrol levels and are below the emission limiis s
forth in the Consent Decree. Because the Statesfiral discretion in how they choose to weigh the

various impacts as part of their BART determinatiéor each EGU emission source, the
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recommended BART control options may not achieeeBRA’s presumptive BART limits based

upon the visibility analysis.

The second part of the Guidelines that should leesgded relates to which emission units are subject
to BART for a particular pollutant. The Guidelingtste that:

“Once you determine that a source is subject to BA®R a particular pollutant, you must
establish BART for that pollutant. The BART det@mation must address air pollution
control measures for each emissions unit or paituganitting activity subject to review.” (70
FR 39163)

According to this statement, the BART determinatiamst consider any emission unit that emits the
pollutant of concern (i.e., NOSG and PM) regardless of size. The BART analysisM&Y S will
review control options for the main boilers for Uthiand Unit 2. Smaller emissions sources at the
facility are anticipated to provide negligible cobttion to visibility impacts from MRYS in Class 1
areas. Smaller sources at MRYS are discussedciin8e..3.4 and 1.3.5.

1.3.4 SMALL SOURCE EMISSION UNITS

The BART determination must consider any emissiaih that emits the pollutant of concern (i.e.,
NOy, SG and PM) regardless of size. However, smaller gimis sources (e.g., auxiliary boilers and
emergency generators) at the facility are antieghéb provide negligible contributions to visibyjlit
impairment in Class 1 areas. The nearest Classalism Theodore Roosevelt National Park (TRNP)
located approximately 160 km to the west. Althoteghnically eligible, smaller source emissions
units were not reviewed because they have limitadsof operation or they are material handling
sources with a level of emissions anticipated ttoledow to affect visibility impact on TRNP.

Consequently, small emission sources are excluded further consideration in the study.

1.3.5 FUGITIVE DUST

The primary source of fugitive dust is from thesidé coal storage area and other plant activities
normally found at a coal-fired electrical genergtfacility. The coal stockpile, access roads and
plant activities are performed and maintained \itlhd operating practices. On the coal stockpile
and on other applicable fugitive sources, dust seggion is achieved through the use of water sprays

or surfactants. The level of fugitive PM emissitmaot expected to affect the visibility in Cldss
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areas based upon the approximate 160 km distaribe ttearest Class 1 area, the large particle size
and relatively small emission rates. As such,tfugisources were not evaluated in this BART

analysis for MRYS.

1.3.6 CONDENSABLE PARTICULATE

Particulate matter emissions are composed ofditterand condensable particles. Condensable
particulate matter (condensable PM) may react atitiospheric or flue gas constituents as flue gas
moves through the different processes and thepreittndenses into a droplet, coalesces into a solid
particle, or forms a solid particle as more voatbmponents evaporate. Condensable PM may
include both organic and inorganic constituentsganic constituents in the flue gas can exist as a
vapor at stack temperatures and a liquid or salah@ient temperatures. Control technologies
designed to minimize the formation of condensabfmic emissions are the same technologies that
are used to minimize carbon monoxide (CO) and ielatganic compound (VOC) emissions. A
review of the RBLC database shows that good cordyuptactices are universally used to control
CO/VOC emissions for similar units. Both MRYS wn#liready practice good combustion practices
while maintaining combustion efficiency in the lavibnd controlling N@ emissions. Because good
combustion practices would likely be considered BAdd are already in use at both units, the

organic portion of condensable PM is not addrefseler in this report.

Sulfuric acid (HSQ,) mist is the most widely recognized form of inangacondensable PM emitted
by combustion sources. Other inorganic condendiidle€onstituents may include to a lesser extent
other acid gases, ammonium sulfate ({NBHQ,), and unidentified inorganic species. Control
technologies designed to reduce sulfuric acid milstalso reduce the other inorganic constituents.
H,SOy, is typically generated in the flue gas when sulfinxide (SQ) reacts with water. SQs a by-
product created during the combustion of fuels @omg sulfur and is formed when sulfur dioxide
(SO) in the flue gas is oxidized. Limited data is iéatale on the quantity of SQhat will be

converted to S@in a lignite fired unit. Estimates of the conversrange from 0.2 to 1.0 percent.

Combustion controls commonly used to controlN®.g., staged combustion and separated overfire
air) provide a co-benefit of sulfuric acid mist ¢ah by limiting the oxygen available in the boiler

and reducing formation of S@ the boiler. The k5O, vapor will adsorb on the fly ash as the flue
gas cools under appropriate temperature and meistuditions. Consequently, when those

conditions exist, kEBO, is removed from the gas stream by particulaterobetjuipment. Control
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technologies designed to remove,¥@ll also achieve Se@removal and reduce emissions g5,
Typical SQ removal associated with a wet FGD process is BDtpercent, and higher removal is
typical for semi-dry FGD processes. The Southesm@any estimates a minimum 50% reduction in
H,SO, emissions for use of a FGD procésTshus, control technologies used to control\N&G, and

filterable PM are also able to providg30, control.

Recommended BART for condensable PM is the co-litesfdflOx, SO, and filterable PM control
devices to be analyzed in this report and is ndtesbed further. Therefore this BART analysis for

particulate emissions investigates control methodsduce filterable PM only.

1.4 METHODOLOGY FOR VISIBILITY IMPACTS DETERMINATIO N

In the BART Determination Guidelines, as discusse8ection 1.2 of this report, the EPA provides
five basic steps for a case-by-case BART analyBi fifth step involves evaluating visibility
impacts utilizing dispersion modeling. Visibililgmpairment impacts for modeled pre-control and
post-control emission levels and visibility improwents are to be assessed in deciViews (dV). The

BART guidelines describe the thresholds for vidipimpairment as:

“A single source that is responsible for a 1.0 di¥mge or more should be considered to
“cause” visibility impairment; a source that caukss than a 1.0 dV change may still
contribute to visibility impairment..... any thredt that you (the States) use for determining
whether a source “contributes” to visibility impaient should not be higher than 0.5 dV.”
(70 FR 39161)

The NDDH BART protocol does not distinguish betwaesource that “causes” or “contributes” to
visibility impairment but follows the EPA’s Regidrndaze Rule threshold recommendations. Thus,
0.5 dV is the deminimis threshold level of visibilimpairment impact for an otherwise BART-
eligible source under the NDDH BART protocol. liner words, a BART-eligible source for which
modeling predicts a visibility impairment impactgrieater than 0.5 dV is deemed to have a visibility
impairment impact and thus is subject to a BARTIysis under the NDDH BART protocol. A
BART-eligible source for which the modeling predi@¢ss than a 0.5 dV impact would be deemed to

not have a visibility impairment impact, and thasild be exempted from BART on that basis. Most

®“An Updated Method for Estimating Total Sulfuric Acid Esi@ns from Stationary Power Plants”; Monroe,
Larry S. & Harrison, Keith E.; Southern Company Genenagind Energy Marketing; Revised March, 2003.

Minnkota Power Cooperative, Inc. 1-13 Burns & McDonnell



Introduction Milton R. Young Station
BART Determination Study

noticeably, the EPA refrains from addressing thestjon of whether or not a difference in visibility
impairment impact improvement of less than 0.5 @¥een two BART alternatives would
constitute equivalency under the visibility anatysir if any difference in the model results, ndtera
how slight, should be interpreted as ranking onetiem over the other. The approach taken in the
BART analysis for MRYS incorporates the visibilitppact analysis results as a verification of

visibility improvement.

15 THE ROLE OF MODELING AND CALPUFF IN A BART ANAL YSIS

The BART guidelines list visibility impact at a Gl area as one of the factors in a BART
determination. The EPA interpreted the statutoovision of Section 169A of the Clean Air Act to
require that a BART-eligible source is one thatéasonably anticipated to cause or contribute” to
regional haze if it can be shown that the sourcigsgoollutants within a geographic area from which
pollutants can be emitted and transported downtagralClass | area (70 FR 39161). A Class | area,
as listed by the EPA, is an area of the countri witstine air quality that is sensitive to chaniyes
visibility. Two Class 1 areas have been identifiedinclusion in the visibility analysis for MRYS.
These are the Theodore Roosevelt National Park P)Rahd the Lostwood National Wildlife
Refuge (Lostwood NWR), which are approximately 48@ 180 km (100 and 112 miles), from
Milton R. Young Station, respectively. For Claswéas more than 50 km from a source, the EPA
has identified CALPUFF as a guideline model forgagange transport that is suitable for predicting
potential changes in visibility. CALPUFF is a nsteady-state meteorological and air quality

dispersion modeling system used to access longeraagsport of pollutants.

The NDDH modeling protocol confirmed that the twia€3 | areas to be considered for visibility
impairment analysis are the TRNP and Lostwood NVi#&wever, the three units or areas of the

TRNP are to be treated as separate Class | anetieefanalysis.

151 CALPUFF MODELING METHODOLOGY

Visibility impairment is caused by a combinationpalrticles and gases in the atmosphere. Some
particles and gases scatter light, others absghl. iThe combined effect of scattering and absampt
is called “light extinction” which is most commondgen as haze. This haziness is measured in
deciView (dV) units, and is related to light extilon coefficient by the following equation:

dV =10 In(ky/10)
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Where Ry is light extinction coefficient in inverse megamret

Visibility impairment is a function of light extiion. Light extinction occurs when light energy is
either scattered or absorbed by particles in theTie amount of moisture in the air also playsla

in light extinction. Certain gases combine withistare in the air to form small light scattering
particles. These gases, most notably &@ NQ, are significant components of coal-fired power
plant emissions. Particulate Matter (PM) also gbuates to light extinction. In the BART
Determination Guidelines, the EPA states that “Yftbe State] may use Plyas an indicator for
particulate matter. We do not recommend the uS®tifl Suspended Particulates (TSP). As
emissions of Pl include the components of Bihs a subset, there is no need to have separate 250
ton thresholds for PM and PM; 250 tons of Pl represents at most 250 tons of Mnd at most
250 tons of any individual particulate species sagtelemental carbon, crustal material, etc.” KRO
39160). The NDDH modeling protocol states thatipalate matter emissions should be specified as
either coarse (PM minus PM ) or fine (PMyg). The distinction between coarse and fine padteu

occurs in the modeling.

The NDDH modeling protocol recommends a specifisiom of the CALPUFF modeling system as
modified by the NDDH to specifically address temailimate, and emission characteristics of
MRYS. (CALMET and CALPUFF were recompiled by th®BNH while the CALPOST executable
used for this visibility analysis was the EPA gluiide executable). Along with the CALPUFF
modeling system, the NDDH also provided the RUC2-8iflidded wind field data (2000-2002),
surface, upper air, and precipitation files, and.®¥&T and CALPUFF input files. The input files
contained the specific coordinate grid points, wiettl options, terrain, dispersion options, recept
coordinates and plume characteristics and otheehpatameters that the NDDH has determined

best represents the region. The NDDH version of BAFF was used for modeling.

In order to predict the change in light extinctaiiTRNP and Lostwood NWR areas, SN0, and
PM were modeled with CALPUFF using pre-control aodt-control emission scenarios. A variety
of post-control scenarios were used to determiae¢duction in visibility impact for each control
technology. The NDDH identified 104 receptors edited over both TRNP and Lostwood NWR.

These receptors are location points for which CAEPWvas used to perform a visibility calculation.

The BART guideline states that a visibility improvent is based upon the modeled change in

visibility impacts, measured in deciViews, for {m@-control and post-control emission scenarios.
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The comparison should be made for the 98th pedzyd (70 FR 39170). The NDDH modeling
protocol provides additional clarification about RA applicability by stating, “...the context of the
98th percentile 24-hour delta-deciView predictiemwith respect to days of the year, and is not
receptor specific. A 24-hour prediction greatent®.5 delta-deciView at any receptor in a Class |
area would constitute a day of exceedance, and dplays of exceedance would be allowed per year
per Class | area (i.e., the 98th percentile is @aprated by the eighth-highest daily prediction)Li
other words, visibility impacts should be compaoadan annual basis using the eighth highest day
for comparison (365 * (1-.98) = 7 days of acceptablceedance). However, NDDH subsequently
advised that the delta-deciView comparison shoeldiade at the §percentile to be consistent
with the Western Regional Air Partnership (WRAR)tpcol. Therefore, the analysis of visibility
impairment impact reduction presented for eachrebstenario in this section is based on th& 90
percentile value. The predictions of 24-hour 9&thcentile deciView data are also provided in

Appendix A.

1.5.2 MODELING SCENARIOS

Since a BART analysis is based on the degree ofctiEsh achieved by the application of control
technologies, the CALPUFF analysis examined mdtggerating scenarios based upon the feasible
control technologies identified for each pollutaithese scenarios represent the emissions gf SO
NOy, and PM under the following conditions:
« NDDH BART Modeling Protocol emission rates
* Post-Control NQ emissions based upon recommended BABCT-level emission rates from
the Consent Decree
» Post-Control S@and PM emissions based upon minimum emission aatesquired by the
Consent Decree and more stringent emission rgpessentative of potential BART
alternatives

The emission rates modeled in each scenario asemed in Table 1.5-1.
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Table 1.5-1 — Milton R. Young Station Modeling Scen  arios
Unit 1 Unit 2
NOy SO PM Coarse/Fine NOx SO, PM Coarse/Fine
Scenario| (Ib/hr) (Ib/hr) (Ib/hr) (Ib/hr) (Ib/hr) (Ib/hr)
Screening| Protocol| Protocol Protocol Protocol | Protocol Protocol
1 1,070.7 Protocol Protocol 2,011.6 Protocpl Praltoc
2A Protocol 723.1 Protocol Protoco 1,574.4 Protoco
2B Protocol 361.6 Protocol Protoco 773.7 Protocol
3A Protocol Protocol 38.5/5.8 Protocd| Protocpl ¥321.0
3B Protocol Protocol 77.1/11.6
1,070.7 361.6 77.1/11.6 2,011.4 1,57410 133170 2
1,070.7 361.6 77.1/11.6 2,011.4 1,57410 133170 2

These scenarios represent the emission rates &elics consideration in making a BART
recommendation. The emission rates presentedhle Tla5-1 correspond to control options and
efficiencies considering the results of the NBACT analyses and BART analyses for,30d PM.
The screening scenario from the NDDH BART modefingtocol is based on the historical
maximum 24-hour emission rates for MRYS betweerD28@d 2002. These rates were supplied to
the NDDH by Minnkota, but were based upon operatibiat were not representative of stack

conditions associated with new or modified retrodintrol technologies.

Due to analyses performed on plant operations @tdrital emissions data, Minnkota has
determined that unit operating conditions assodiati¢h these protocol rates are not representafive
future maximum 24-hour emissions and has requédHaH to allow the use of an alternative stack
parameters and hourly baseline conditions for memtipbst-control emission rates. NDDH agreed to
the use of alternative post-control conditions.e Blternative post-control scenarios are based upon
various control technology emission reductions deipplied to maximum 24-hour average heat
input of 2,955 mmBtu/hr for Unit 1 and 5,158 mmBitufor Unit 2. The emission rates associated

with each scenario are discussed in the sectiateckto the controlled pollutant.

As shown in Table 1.5-1, multiple modeling sceramiere conducted to determine the specific
visibility impact reduction associated with the trmhof each pollutant. To determine a specific
visibility impact for a particular pollutant, thenéssion rate for the pollutant of concern was cleahg

from the protocol rate to the post-control ratde Dther two major pollutants’ emission rates were
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modeled at the protocol rates. Thus, any visibititpairment impact reduction for that modeling

scenario was due solely to the application of titvidual pollutant’s control technology.

Additional modeling runs were conducted to detesaritre overall visibility impairment impact
reduction caused by simultaneous application ofaitrol technologies. In Table 1.5-1, modeling
scenario 4 was run to determine the visibility imment impact reduction resulting from
simultaneous application of all control technolagiier each unit individually. Modeling scenario 5
was run to determine the visibility impairment inaspeeduction resulting from simultaneous
application of all control technologies for bothitsrcombined. The modeling results are summarized

and discussed in the sections below.
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2.0 NOx BART EVALUATION

The BART analyses for NOemissions from MRYS Unit 1 and Unit 2 are desatibethis section.
Technical descriptions of MRYS Unit 1 and Unit 2lbrs and existing air pollution control
equipment are provided. As discussed in the ingctdn, Minnkota has entered into a Consent
Decree (CD) that requires MRYS to install BACT-Ied®y control technologies on both units. For
NOy emissions control, the CD required that a com@B&RET analysis be performed for MRYS to
determine the applicable control technologies famteunit. The BACT analysis reports and
additional support documents were submitted taN\B®H on October 6, 2006, March 19, and April
23, 2007 respectively.

It was assumed that a N@missions control alternative considered as BA®lld also satisfy
similar ranking and non-visibility impacts of a BARletermination process. Therefore, the
alternative with the highest-performing, most ceffective combination of control technologies
identified by the N@Q BACT analysis for each Unit at MRYS that was nonhaated for technical
infeasibility or adverse non-visibility impacts widibe evaluated for impacts on the nearest Class 1

area in the subsequent BART visibility impairmenalgsis.

2.1 NOx EVALUATION BASIS — UNIT 1

Milton R. Young Station Unit 1 includes a BabcocidaVilcox steam generator installed in 1970.
The steam generator is a lignite-fired boiler withltiple cyclone-furnaces installed in parallelngsi
balanced-draft and natural circulation. Originaitwesign steam generating capacity is 1.714
million Ibs/hr at 1,920 psi with a fuel heat inmit2,510 mmBtu/hr. The boiler is fired by seven-te
foot diameter cyclone burners, arranged “three éwar” across the front wall of the lower furnace.
The unit has a tubular air heater installed betwberboiler and the flue gas ductwork leading ® th
electrostatic precipitator (ESP). Unit 1's boiderves a turbine generator with a nameplate rafing
257 MW® and has a nominal 235 MW net design output capaaiing. Unit 1 is typically capable

of sustained output of approximately 253 MW gr@ss] has an ultimate short-term maximum gross
output (URGE) rating of 278 MW. The Unit 1 boilerMRYS includes a unique coal conditioning
system (drying, crushing, and feeding) for eacHarye furnace specifically designed to aid in proper

combustion of the lignite fuel. Lignite fuel isetisole solid fuel for the plant and is suppliedvira

® Ibid EPA’s eGRID database; April, 2003.
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mine located adjacent to the site. This methdiiriofy solid fuel significantly influences the

resulting nitrogen oxide concentration of the fjases emitted from the boiler.

211 NOx VISIBILITY IMPAIRMENT IMPACTS ANALYSIS — UNIT 1

The remaining step for the BART N@nalysis was to conduct a visibility improvement
determination for Unit 1. Due to the associatibthe Consent Decree and requisite BACT analysis,
the visibility analysis was the only subsequentagigevaluation necessary to establish BART. In
addition, because the BACT analysis resulted inaomgrol alternative for NQemissions control,

only one related emission rate was modeled to mhterthe post-control visibility impairment

impacts.

The modeling for Unit 1 uses two N@mission rates as a basis for the visibility immpaint impacts.
The NDDH BART protocdl NOy emission rate of 2,855.2 Ib /hr was modeled tereine a pre-
control baseline visibility impact. This protoaalte was based upon maximum 24-hour emission
rates from the 2000-2002 modeling period. Thisgsivalent to a unit NOQemission rate of 0.898
Ib/mmBtu at a boiler heat input rate of 3,180 mniBtu The baseline visibility impact was then
compared with the results predicted from a modptest-control NQ emission rate based upon the

control technology specified for Unit 1 in the BA@halysis.

According to the BACT analysis required by the Gamidecree, Selective Non-Catalytic Reduction
(SNCR) post-combustion technology used in conjamctiith an advanced combustion control
application of Separated Overfire Air (ASOFA) wamsidered the best available technology and
therefore was evaluated as BART for Unit 1. Thepad NG, emission rate of 1,070.7 |b /hr was
based upon application of SNCR with ASOFA contealinologies for a reduction of approximately
62.5 percent from the protocol mass emission raétes is equivalent to a unit NGemission rate of
0.362 Ib/mmBtu at a more representative maximunh@dr average boiler fuel heat input of 2,955

mmBtu/hr. The visibility modeling conditions areepented in Table 2.1-1.

" |bid NDDH Final BART Protocol; November, 2005.
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Table 2.1-1 — Milton R. Young Station Unit 1 Visibi  lity Model Conditions

NDDH Protocol SNCR with ASOFA @
NOyx Emission Rate 2.855.2 1,070.7
Ib/hr
Ib/mmBtu 0.898 0.362
Heat Input, mmBtu/hr 3,180.0 2954.5

(1) — Post-control N@ emission rate reflects recommended BACT w/ adjusted reduction.

The results of the visibility modeling at the prodbbaseline N@ emission rate for MRYS Unit 1
showed that three of the Class 1 areas had alitisibipairment impact above the 0.50 dV threshold
level for discernable impacts that contribute ®ihility impairment. The visibility modeling regsl

for the post-control NQemission rate showed a reduction in visibility airment impact for all

Class 1 areas. In addition, the modeled visibilitpairment impact for all Class 1 areas at thd-pos
control BACT-level NQ emission rate was below the 0.50 dV thresholdlleVae modeling results

are presented in Table 2.1-2.

Table 2.1-2 — NO Visibility Impairment Impacts and Reductions at NO  x BACT
Post-Control Emissions, MRYS Unit 1

Visibility Impairment Impacts *
(deciView)
Federal Class 1 Post-Control Visibility Impairment Reduction

Area Protocol Emissions Emissiong (deciView)
TRNP-South Unit 0.549 0.377 0.172
TRNP-North Unit 0.628 0.413 0.215
TRNP-Elkhorn 0.374 0.266 0.108
Ranch
Lostwood NWR 0.750 0.487 0.263

1- Average 90 percentile predicted visibility impairment impaetrsus background visibility. A summary of the
modeling scenarios is provided in Table 1.5-1 dxedrhodeling results are presented in Appendix A.

2 - NGO emissions reduction by 62.5% over NDDH protocalddme case. This scenario assumes protocol emissies
for SG, and PM. Refer to Appendix A for complete protoantl revised post-control visibility model results.

The number of days predicted to have visibility @mment due to MRYS Unit 1 emissions that were
greater than 0.50 and 1.00 deciViews at any recé@pt Class 1 area were determined by the
visibility model for the protocol emission ratehe results are summarized and presented in Table
2.1-3. Similarly, the same information for the posntrol NG, emission rates is summarized and
shown in Table 2.1-3. The number of days preditddthve visibility impairment greater than 0.50
and 1.00 deciViews at any receptor in a Class 4 between protocol and post-control Némission
rates were reduced in all cases. The number dfemaniive days exceeding 0.50 dV of impact was

either the same or was reduced.
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The magnitude of predicted visibility impairmentdamumber of days predicted to have visibility
impairment greater than 0.50 and 1.00 deciVievangtreceptor in a Class 1 area varied significantly
between years and Class 1 areas, for Unit 1. mpadt in terms of days exceeding 0.50 dV varies
from an approximately 17% reduction for TRNP — Elkhin 2001 to an approximately 40%
reduction for TRNP — South in 2000. The impacutbn in terms of days exceeding 1.00 dV
varies from approximately 15% for TRNP — Elkhorr2i002 to approximately 53% for TRNP —

South in 2000.

A series of bar charts showing the difference eartbmber of days with predicted visibility
impairment impact greater than 0.50 and 1.00 deweigifor each Class 1 area for the SNCR with
ASOFA-controlled post-control emission rates wite-pand post-control SGnd PM alternatives is
included in Figures 2.1-1 through 2.1-9.
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Milton R. Young Station
BART Determination Study

NOx Evaluation

Table 2.1-3 — Visibility Impairment Improvements fo  r NOx BACT Post-Control Emissions — MRYS Unit 1 NO  x Scenarios
Consecutive | Consecutive | Consecutive
Days" Days" Days" Days' Days' Days' Days' Days' Days"
Exceeding| Exceeding| Exceeding| Exceeding| Exceeding| Exceeding| Exceeding Exceeding Exceeding
Class 1 NOy Control 0.5dvin ] 05dVin | 05dVin | 1.0dVin | 1.0dVin | 1.0dVin 0.5dv 0.5dv 0.5dv
Area Technigue 2000 2001 2002 2000 2001 2002 2000 2001 2002
TRNP Protocol 38 30 48 19 15 26 3 3 4
South
SNCR w/ ASOFA 23 20 35 9 10 19 2 3 3
TRNP Protocol 34 44 46 14 21 29 2 4 4
North
SNCR w/ ASOFA 24 31 38 9 13 20 2 4 4
TRNP Protocol 25 24 35 12 16 20 2 3 4
Elkhorn
SNCR w/ ASOFA 18 20 27 6 8 17 2 3 4
Lostwood
NWR Protocol 51 58 42 26 30 24 3 5 5
SNCR w/ ASOFA 38 36 33 17 19 20 3 3 4
1 - Number of days for predicted visibility impaiemt impacts provided in Appendix A.
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Milton R. Young Station NOx Evaluation
BART Determination Study

Figure 2.1-1 — Reduction in Days of Visibility Impa  irment > 0.5 dV
SNCR w/ ASOFA BART NO x Control with Protocol Pre-Control SO 5, and PM Emissions
MRYS Unit 1
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BART Determination Study

NOx Evaluation

Figure 2.1-2 — Reduction in Days of Visibility Impa
SNCR w/ ASOFA BART NO x Control with Protocol Pre-Control SO
MRYS Unit 1
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Milton R. Young Station NOx Evaluation

BART Determination Study

Figure 2.1-3 — Reduction in Maximum Consecutive Day s Exceeding 0.5 dV
SNCR w/ ASOFA BART NO x Control with Protocol Pre-Control SO  , and PM Emissions
MRYS Unit 1
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Milton R. Young Station
BART Determination Study

NOx Evaluation

Figure 2.1-4 — Incremental Visibility Impairment Im

SNCR w/ ASOFA BART NO x Control vs Protocol Pre-Control NO
with Various Post-Control SO
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Milton R. Young Station
BART Determination Study

NOx Evaluation

Figure 2.1-5 — Incremental Visibility Impairment Im  provements — Days > 1.0 dV
SNCR w/ ASOFA BART NO x Control vs Protocol Pre-Control NO  x Emissions

with Various Post-Control SO , and PM Emissions
MRYS Unit 1
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Milton R. Young Station
BART Determination Study

NOx Evaluation

Figure 2.1-6 — Incremental Visibility Impairment Re

SNCR w/ ASOFA BART NO x Control vs Protocol Pre-Control NO x Emissions

with Various Post-Control SO , and PM Emissions
MRYS Unit 1
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Milton R. Young Station NOx Evaluation
BART Determination Study

Figure 2.1-7 — Days of Visibility Impairment >0.5 dV
SNCR w/ ASOFA BART NO x Control with SO , and PM Controls
MRYS Unit 1
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Milton R. Young Station
BART Determination Study

NOx Evaluation

Figure 2.1-8 — Days of Visibility Impairment > 1.0
SNCR w/ ASOFA BART NO x Control with SO , and PM Controls
MRYS Unit 1
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Milton R. Young Station
BART Determination Study

NOx Evaluation

Figure 2.1-9 — Visibility Impairment Improvements —

SNCR w/ ASOFA BART NO x Control with SO > and PM Controls

MRYS Unit 1
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Milton R. Young Station NOx Evaluation
BART Determination Study

2.2 NOx EVALUATION BASIS — UNIT 2

Milton R. Young Unit 2 is a Babcock and Wilcox stegenerator installed in 1977. The steam
generator is a lignite-fired boiler with multiplga@done-furnaces installed in parallel using balahce
draft and natural circulation assisted with cirt¢iola pumps. Original unit design steam generating
capacity is 3.20 million Ibs/hr at 2,620 psi witlfiuzl heat input of 4,696 mmBtu/hr. The boiler is
fired by twelve ten-foot diameter cyclone burnersanged “three over three” across the front and
rear walls of the lower furnace. The unit haskatar air heater installed between the boiler dyed t
flue gas ductwork leading to the ESP. Unit 2'ddraserves a turbine-generator with a name plate
rating of 477 MW, and has a nominal 439 MW net design output capeating. Unit 2 is capable
of sustained output of approximately 462 MW gresg] has an ultimate short-term maximum gross
output (URGE) of 512 MW. The Unit 2 boiler at MRYi®ludes a unique coal conditioning system
(drying, crushing, and feeding) for each cyclonméce specifically designed to aid in proper
combustion of the lignite fuel. Lignite fuel isettsole solid fuel for the plant and is suppliedvira
mine located adjacent to the site. This methditiofy solid fuel significantly influences the

resulting nitrogen oxide concentration of the fjgses emitted from the boiler.

221 NOx VISIBILITY IMPAIRMENT IMPACTS ANALYSIS — UNIT 2

The remaining step for the BART N@nalysis was to conduct a visibility improvement
determination for Unit 2. Due to the associatibthe Consent Decree and requisite BACT analysis,
the visibility analysis was the only subsequentastgevaluation necessary to establish BART. In
addition, because the BACT analysis resulted inrenemmended control alternative, only one

related emission rate was modeled to determingiiitality impairment impacts.

The modeling for Unit 2 uses two N@mission rates as a basis for the visibility immpaint impacts.
The NDDH BART protocd! NOx emission ratef 5,364.2 b /nwas modeled to determine a
pre-control baseline visibility impactThis protocol rate was based upon maximum 24-hou
emission rates from the 2000-2002 modeling peribhis is equivalent to a uniOy emission
rate of 0.894 Ib/mmBtu at a boiler heat input 1@t&,999 mmBtu/hr. The baseline visibilitgnpact
was then compared with the result predicted framodeled post-control NOemission rate based

upon the control technology specified for Unit Zlie BACT analysis. According to the BACT

8 Ibid EPA’s eGRID database; April, 2003.
° Ibid NDDH Final BART Protocol; November, 2005.
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analysis required by the Consent Decree, SelebkoreCatalytic Reduction (SNCR) used in
conjunction with Advanced Separated Overfire AiIS@FA) was considered the best technology and
therefore was evaluated as BART for Unit 2. Thepsd emission rate of 2,011.6 |b N@r was

based upon application of SNCR and ASOFA contchinelogiesor a reduction ofpproximately
62.5 percent from the protocol mass emission rates is equivalent to a unit NGemission rate of
0.390 Ib/mmBtu at a more representative maximunm@d-average boiler fuel heat input of 5,158

mmBtu/hr. The visibility modeling conditions are presentedable 2.2-1.

Table 2.2-1 — Milton R. Young Station Unit 2 Visibi  lity Model Conditions

NDDH
Protocol SNCR with ASOFA ®
NOx Emission Rate
Ib/hr 5,364.2 2,011.6
Ib/mmBtu 0.894 0.390
Heat Input, mmBtu/hr 5,999.1 5,158.0

(1) — Post-control N@ emission rate reflects recommended BACT w/ adjusted reduction.

The results of the visibility modeling at the prodbbaseline N@ emission rate for MRYS Unit 2
showed that three of the Class 1 areas had alitisibipairment impact above the 0.50 dV threshold
level for discernable impacts that contribute ®ihility impairment. The visibility modeling regsl

for the post-control NQemission rate showed a reduction in visibility aiyment impact for all

Class 1 areas. In addition, the modeled visibifitpairment impact for three of the Class 1 ar¢as a
the post-control BACT-level NQemission rate were below the 0.50 dV thresholdllefhe

Lostwood NWR Class 1 area had a modeled visilitigairment impact of 0.543 dV. The modeling

results are presented in Table 2.2-2.

Table 2.2-2 — NO Visibility Impairment Impacts and Reductions at NO  x BACT
Post-Control Emissions, MRYS Unit 2

Visibility Impairment Impacts *
(deciView)
Federal Class 1 Post-Control Visibility Impairment Reduction
Area Protocol Emissions Emissiong (deciView)

TRNP-South Unit 0.580 0.406 0.174
TRNP-North Unit 0.619 0.438 0.181
TRNP-Elkhorn 0.360 0.278 0.082
Ranch

Lostwood NWR 0.775 0.543 0.232

1- Average 90 percentile predicted visibility impairment impaetrsus background visibility. A summary of the
modeling scenarios is provided in Table 1.5-1 drdnhodeling results are presented in Appendix A.

2 - NGO emissions reduction by 62.5% over NDDH protocalddme case. This scenario assumes protocol emissies
for SG, and PM. Refer to Appendix A for complete protoantl revised post-control visibility model results.
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The number of days predicted to have visibility amment due to MRYS Unit 2 emissions that were
greater than 0.50 and 1.00 deciViews at any recepi Class 1 area were determined by the
visibility model for the protocol emission rateEhe results are summarized and presented in Table
2.2-3. Similarly, the same information for the posntrol NG, emission rates is summarized and
shown in Table 2.2-3. The number of days predittdiave visibility impairment greater than 0.50
and 1.00 deciViews at any receptor in a Class 4 between protocol and post-control Némission
rates were reduced in all cases. The number cfemutive days exceeding 0.50 dV of impact was

either the same or was reduced.

The magnitude of predicted visibility impairmendamumber of days predicted to have visibility
impairment greater than 0.50 and 1.00 deciVievangtreceptor in a Class 1 area varied significantly
between years and Class 1 areas, for Unit 2. mpadt in terms of days exceeding 0.50 dV varies
from an approximately 9% reduction for TRNP — Elkihan 2001 to an approximately 37% reduction
for TRNP — South in 2000. The impact reductioteirms of days exceeding 1.00 dV varies from
approximately 15% for TRNP — Elkhorn in 2002 to mpgpmately 50% for TRNP — North in 2000.

A series of bar charts showing the difference eartbmber of days with predicted visibility
impairment impact greater than 0.50 and 1.00 deeigifor each Class 1 area for the SNCR with
ASOFA-controlled post-control emission rates wite-pand post-control Sand PM alternatives is
included in Figures 2.2-1 through 2.2-9.
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Table 2.2-2 — Visibility Impairment Improvements fo  r NOx BACT Post-Control Emissions — MRYS Unit 2 NO  x Scenarios
Consecutive | Consecutive | Consecutive
Days' Days' Days' Days' Days' Days' Days' Days' Days'
Exceeding| Exceeding| Exceeding| Exceeding| Exceeding| Exceeding| Exceeding Exceeding Exceeding
Class 1 NOy Control 0.5dvin ] 05dVin | 05dVin | 1.0dVin | 1.0dVin | 1.0dVin 0.5 dv 0.5 dv 0.5dVv
Area Technique 2000 2001 2002 2000 2001 2002 2000 2001 2002
TRNP Protocol 41 28 51 18 14 27 3 3 4
South
SNCR w/ ASOFA 26 20 40 11 11 21 2 3 3
TRNP Protocol 32 43 47 18 21 29 2 4 4
North
SNCR w/ ASOFA 24 32 40 9 13 23 2 4 4
TRNP Protocol 31 23 36 11 14 20 2 3 4
Elkhorn
SNCR w/ ASOFA 22 21 30 7 10 17 2 3 4
Lostwood
NWR Protocol 52 51 48 30 31 25 3 3 5
SNCR w/ ASOFA 41 39 34 19 22 20 3 3 4
1 - Number of days for predicted visibility impaiemt impacts provided in Appendix A.
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NOx Evaluation

Figure 2.2-1 — Reduction in Days of Visibility Impa
SNCR w/ ASOFA BART NO x Control with Protocol Pre-Control SO
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Figure 2.2-2 — Reduction in Days of Visibility Impa
SNCR w/ ASOFA BART NO x Control with Protocol Pre-Control SO
MRYS Unit 2
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NOx Evaluation

Figure 2.2-3 — Reduction in Maximum Consecutive Day
SNCR w/ ASOFA BART NO x Control with Protocol Pre-Control SO
MRYS Unit 2
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Figure 2.2-4 — Incremental Visibility Impairment Im  provements — Days > 0.5 dV
SNCR w/ ASOFA BART NO x Control vs Protocol Pre-Control NO  x Emissions
with Various Post-Control SO , and PM Emissions
MRYS Unit 2
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Figure 2.2-5 — Incremental Visibility Impairment Im  provements — Days > 1.0 dV
SNCR w/ ASOFA BART NO x Control vs Protocol Pre-Control NO  x Emissions
with Various Post-Control SO 5, and PM Emissions
MRYS Unit 2
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Figure 2.2-6 — Incremental Visibility Impairment Re
SNCR w/ ASOFA BART NO x Control vs Protocol Pre-Control NO
with Various Post-Control SO
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NOx Evaluation

Figure 2.2-7 — Reduction in Days of Visibility Impa
SNCR w/ ASOFA BART NO x Control with SO , and PM Controls
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Figure 2.2-8 — Reduction in Days of Visibility Impa  irment > 1.0 dV
SNCR w/ ASOFA BART NO x Control with SO , and PM Controls
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NOx Evaluation

Figure 2.2-9 — Visibility Impairment Improvements —

Reductions in Maximum Consecutive Days Exceeding0  .5dV
SNCR w/ ASOFA BART NO x Control with SO , and PM Controls
MRYS Unit 2
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3.0 SO, BART EVALUATION

The BART determination process has five predefstegs as described in Section 1. In this section,
steps 1 through 5 of the BART determination fortbhil R. Young Station (MRYS) are described for
SO, and a presentation is made of the results. Raligrapplicable S@control technologies are first
identified. A brief description of the processesl gheir capabilities are then reviewed for avaiityb
and feasibility. A detailed technical descriptimineach control technology is provided in AppenBix
Subsequently, those available technologies deegasibie for retrofit application are ranked accogdi
to nominal S@ control capability. The impacts analysis theriews the estimated capital and O&M
costs for each alternative. Following the cosedatnation, the energy impacts and non-air quality
impacts are reviewed for each technology. The @ghpased on the remaining useful life of the source
is reviewed as part of the cost analysis. In thal Step of the analysis, feasible and available
technologies are assessed for their potentialiligibonpairment impact reduction capability via
visibility modeling results. The results of thepgact analyses are tabulated and potential BART

control options are listed.

3.1 IDENTIFICATION OF RETROFIT SO, CONTROL TECHNOLOGIES

The initial step in the BART determination is tldemtification of retrofit S@control technologies. In
order to identify the applicable $©ontrol technologies, several reference works weresulted,
including “Controlling SQ Emissions: A Review of Technologies (EPA-600/R&®B, October 2000)
and the RACT/BACT/LAER Clearinghouse (RLBC). Fréimese and other literature sources, a
preliminary list of control technologies and thegtimated capabilities for potential application to
MRYS was developed. However, as discussed imtineduction, Minnkota has entered into a Consent
Decree (CD) that requires MRYS to install or mod#§, control technologies on both units to achieve
emission rates that do not exceed specified levBEie Consent Decree defines the minimum levels of
SO, control removal efficiencies applicable for teclogy installation options on MRYS Unit 1 and
requires that the existing wet FGD process be ufggtéo maintain a 30-day rolling average,SO
removal efficiency of ninety percent (90%) for URit Thus, the control technologies included in the
BART analysis either meet the minimum level of eohspecified by the CD or have more stringent

removal efficiency. Table 3.1-1 contains the rissaf this effort.
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TABLE 3.1-1 — SO, Control Technologies Identified for BART Analysis

Control Technology Approximate Control
Efficiency
Wet Flue Gas Desulfurization (FGD) 95%
Dry Flue Gas Desulfurization (FGD) 90%
Powerspan ECO™ 98%
3.2 TECHNICAL DESCRIPTION AND FEASIBLITY ANALYSIS

The second step in the BART analysis procedurdestanical feasibility analysis of the options
identified in Step 1. The BART guidelines discasssideration of two key concepts during this $tep
the analysis. The two concepts to consider aréabalability” and “applicability” of each control
technology. A control technology is consideredikable, “if it has reached the stage of licensang
commercial availability.” (70 FR 39165) On the tainy, a control technology is not considered
available, “if it is in the pilot scale testing g&s of development.” (70 FR 39165) When consideain
source’s applicability, technical judgment mustxercised to determine “if it can reasonably be
installed and operated on the source type.” (7TBFE65) The technical and feasibility analysis is

presented below for each identified option.

3.2.1 WET FLUE GAS DESULFURIZATION

Wet FGD technology utilizing lime or limestone &g reagent is commonly applied to coal-fired
boilers. Wet FGD utilizes am absorber, such aspan spray tower or a spray tower with a perforated
plate contactor, to expose flue gas to the neminglislurry. Absorbed S{Os converted to calcium
sulfite and then may be oxidized to calcium sult#iteydrate (gypsum) which is filtered from the
scrubber solution and either disposed of in a pgechdisposal facility, or possibly sold for either
wallboard or cement production. Lime is utilizexithe reagent in the wet FGD technology analysis,
because the plant currently uses lime in the URGD process, has existing lime reagent preparation
equipment, and because limestone availabilitynigtdid in North Dakota. Note that although existing
reagent preparation equipment is available, a rystes is required to supply sufficient volume for
controlling both EGUs.

Historically, wet FGD systems have operated with 8@ntrol efficiency anywhere from 70% to 95%.
Several new coal-fired power plant projects suchtasroughbred, Trimble County and Mustang have
been proposed with S@ontrol efficiency of 98 percent. However, thé?&has concluded that 98

percent control is possible with certain contrad &oiler configurations under ideal conditions.eTh
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amended standard for $@ based on a 30-day average that includes thabiéty that occurs from non-
ideal operating conditions”. This comes from theR§ “Standards of Performance for Electric Utility
Steam Generating Units, Industrial-Commercial-tngtbnal Steam Generating Units, and Small
Industrial-Commercial-Institutional Steam Genergtisnits; Final Rule” recently promulgated by EPA

as final rule amendments to 40 CFR part 60, subjfzat Db, and Dc emission standards effective
February 27, 2008 Achieving ideal operating conditions such thataerage 98% level of SO
emissions control could be sustained for every &d+dlling period has not been demonstrated by the
new power projects mentioned. For the purposési®finalysis, wet FGD performance was evaluated at
95% SQ control as representative of presumptive BART megoents. Further technical characteristics

associated with wet FGD are described in Appendix B

Based on the ability of a wet FGD system to ach@vgercent S©removal efficiencies and
commercial availability and applicability, wet FGystems were found to be an acceptable BART

alternative for MRYS Unit 1's S©emission control.

This report evaluates the wet FGD process curraqérating on Unit 2 as a possible BART
alternative. The existing wet FGD system curretriats approximately 78 percent of the flue gahk wi
the remaining flue gas by-passed for stack gasatedral achieves approximately 75 percent SO
removal. However, the Consent Decree requirestieagxisting wet FGD process be upgraded to
maintain a 30-day rolling average S@moval efficiency of ninety percent (90%) for Ui Thus, the
wet FGD process is evaluated at 90% &Moval efficiency. Because some wet FGD syst&mas
capable of achieving 95% control, modificationsuiegd to increase the removal efficiency of the
existing wet FGD process to 95% is also evaluaseBART for Unit 2. Note that although 95%
removal efficiency is evaluated as part of thislgsia, a detailed engineering analysis is requioed
determine if the existing wet FGD process can bdifieal to achieve 95% control and is not included

in the scope of this report.

3.2.2 DRY FLUE GAS DESULFURIZATION

As an alternative to wet FGD technology, the cdrif&sO, emissions can be accomplished using dry
FGD technology. The most common dry FGD systethadime Spray Dryer Absorber (SDA) using a
fabric filter for downstream particulate collectiofihere are several variations of the dry processe

today. This section addresses the spray dryer piGBess. Two other variations, the Flash Dryer

19 Federal Register /Vol. 71, No. 38, page 9870.
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Absorber (FDA) and Circulating Dry Scrubber (CD® aimilar in nature. They primarily differ by
the type of reactor vessel used, the method intwviter and lime are introduced into the reactar an
the degree of solids recycling. Technical chargties associated with the SDA, FDA and CDS are
described in Appendix B.

No variation of dry FGD systems has clearly dematst the ability to achieve S@moval levels
similar to wet FGD systems in the U.S. Two unitsevrecently permitted with S@mission rates
representing removal efficiencies of 94.5% and 9%%wever, Burns & McDonnell recently
completed a study of the emission reduction peréorce of existing, electric utility, dry FGD

systems?! Information utilized for the evaluation was ded from EIA coal quality data and EPA

SO, stack emissions and heat input data. The evalud@termined that the highest S@®moval
efficiency maintained on a continuous basis wasghsve 90%. No dry FGD unit was able to
maintain an average efficiency of 95% for continei@0-day rolling periods. For the purpose of this
BART determination, dry FGD is considered a viaddternative for Unit 1, but the upper bound on,SO

removal efficiency was set at 90% based on a rewietive historic performance of this technology.

3.2.3 POWERSPAN ELECTRO-CATALYTIC OXIDATION TECHNOL OGY

The Powerspan Electro-Catalytic Oxidation (ECO ™}eysis a multipollutant control technology
designed to control emissions of NGB Q,, fine particulate, mercury and certain Hazardoirs A
Pollutants (HAPs). The ECO™ process has two maingss vessels; a barrier discharge reactor and a
multi-level wet scrubber. Additional technical caeteristics associated with the ECO™ process are

described in Appendix B.

Powerspan claims a routine s@moval efficiency of 98% with inlet concentratiounp to
approximately 2,000 ppm and testing at a pilot plas demonstrated performance, reliability and
economics. However, no full size commercial séA¥O™ systems have been installed or are
operating at the time of this report. The ECOaystvas determined not to be a feasible BART

alternative because it is not commercially avadabl

50, Removal Efficiency Achieved in Practice by U.S. Electric Wtiemi-Dry FGD Systems”; Electric Utility
Environmental Conference (EUEC); Weilert, C. and RandajlTDcson, AZ; January 2006.
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3.24 RESULTS OF FEASIBILITY ANALYSIS

The evaluations of the identified BART alternatifebowing the feasibility analysis are summarized
in Table 3.2-1.

TABLE 3.2-1 — MRYS BART SO , Control Feasibility Analysis Results

In full-scale In Service on Technically
service on Other Applicable To
Control Existing Combustion Commercially Milton R.
Technology Utility Boilers Sources Available Young Station
Wet FGD Yes Yes Yes Yes
Dry FGD Yes Yes Yes Yes
Powerspan ECO™ No No No Yes
3.3 EVALUATE TECHNICALLY FEASIBILE SO , CONTROL OPTIONS BY
EFFECTIVENESS

The third step in the BART analysis procedure is\valuate the control effectiveness of the tecHiyica
feasible alternatives. During the feasibility deimation in step 2 of the BART analysis, the,SO
control efficiency was reviewed and presented asgidhe technical description for each technology
The evaluations of the remaining BART alternatif@®owing the feasibility analysis are summarized
in Table 3.3-1. The alternatives are ranked irceleding order according to their effectiveness@ S

control.

TABLE 3.3-1 — Feasible SO , Control Technologies Identified for BART Analysis

Control Technology Unit 1 Unit 2
Wet FGD 95% Control 90% and 95% Contro
Dry FGD 90% Control NA*

*Dry FGD is not evaluated for Unit 2 because the existingi@D can be used to achieve equivalent
removal efficiency while using existing equipment.

3.4 EVALUATION OF IMPACTS FOR FEASIBLE SO , CONTROLS — UNIT 1

Step four in the BART analysis procedure is thedoi@mnalysis. The BART Determination Guidelines
(70 FR 39166) lists four factors to be considerethe impact analysis.

* The costs of compliance;

» Energy impacts;

* Non-air quality environmental impacts; and

* The remaining useful life of the source.
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Three of the four impacts required by the BART lirtks are discussed in the following sections.
The remaining useful life of the source was detagdito be greater than the project life definition

the EPA’s OAQPS Control Cost Manual (EPA/453/B-@3:-pand thus had no impact on the BART
determination for MRYS. In addition, as descrilbi@&ection 1.4, the visibility impairment impact of

each alternative was evaluated as part of the itgadysis.

3.4.1 COST ESTIMATES

Cost estimates for the wet and dry,20ntrol technologies were completed utilizing Gmal Utility
Environmental Cost (CUECost) computer model (Versid) available from the U.S. Environmental
Protection Agency and engineering estimates baged Burns & McDonnell’s in-house experience.
The CUECost model is a spreadsheet-based compuotil tihat was specifically developed to estimate
the cost of air pollution control technologies taility power plants within +/- 30 percent accuracy

The EPA released the version of the model usethisistudy in February 2000. The model is
available for download from the U.S. EPA websitevatw.epa.gov/ttn/catc/products. Operating
information utilized as input into the model foethurpose of cost estimating is presented in Append

C. Economic information utilized as input into thmedel is given in Table 1.2-1.

3.4.1.1 WET FGD CAPITAL COST ESTIMATE

The capital cost estimate for the wet FGD systestuttes the S@control system, major support

facilities and BOP costs. The $€bntrol system cost is representative of a tydisalish and erect
contract by a wet FGD system supplier. The wet Fg&lem cost estimated by CUECost is broken
down into the major subsystems of reagent preara8Q absorption tower, dewatering systems, flue
gas handling systems (new ID fans and ductwork)sampgort systems. BOP costs are described below

in more detail.

The addition of a wet FGD absorber to Unit 1 wéljuire a wet stack to exhaust the flue gas. The
existing Unit 1 stack is in poor physical conditiand is not sufficient for wet stack operations.
Although not designed for wet stack operationg,dtild however be possible to reuse the existing Uni
2 stack to exhaust the flue gas from Unit 1. Tdenthe Unit 2 stack suitable for wet stack opergtio
the existing liner would either have to be demaisland replaced with an alloy-clad liner or it wbul
have to be lined from the stack breeching upwatitts a/corrosion resistant material such as alloy

wallpaper or Penngard block or similar coatingstack drain system would be required to collect and
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remove moisture dropout from the flue gas. BORsimglude modifications to the existing Unit 2
stack for wet stack operation, long lengths of dwck to the Unit 2 stack inlet, and electrical

subcontract. The results of the capital cost eggrare given in Table 3.4-1.

Table 3.4-1 — Capital Cost Estimate for MRYS Unit1 ~ Wet Lime FGD System

Estimated Cost General Facilities
DIRECT COSTS ($2,006) Markup (10%) Total Direct Cost
Wet Lime FGD System
Reagent Prep System $15,748,000 $1,575,000 $17,323,00p
SO, Absorption System $25,640,000 $2,564,000 $28,204,00
Flue Gas Handling Systen| $10,185,000 $1,019,000 $.020
Byproduct Handling Systerj $504,000 $50,000 $554,000
Support Equipment | $2,538,000 $254,000 $2,792,000
Wet Lime Total Direct Cost = $60,077,000
BOP Costs
Electrical Subcontract $8,055,000 NA $8,055,000
Stack Modifications $9,783,000 NA $9,783,000
Additional Ductwork $1,364,000 NA $1,364,000
BOP Total Direct Cost = $19,202,000
Total Direct Cost = $79,278,000

INDIRECT COSTS
Contingency (20% of DC $15,856,000

A/E Engineering and Construction Management (10% of PC) $7,928,000

Prime Contractor's Fee (3% of D)  $2,378,000

Allowance For Funds During Construction (AFDC 3.8p6)  $3,013,000

Indirect Cost Subtotd] $29,174,000

Total Plant Investment (TPI) $108,452,000

Pre-Production Costs $3,108,000
Inventory $215,000

Total Capital Requirement $111,776,000

The CUECost estimating model includes a cost estiffiat a wet stack, but this estimate was deleted

from the model results and a revised estimate bm8& McDonnell was included in the BOP costs for
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modifications to the existing Unit 2 stack. Théraate includes the demolition of the existing ktac

liner and installation of a new C-276 clad linedamovisions for stack icing mitigation.

The total estimated capital cost estimate for apteta, stand-alone wet FGD system utilizing lime
reagent is $111,776,000, or $430/kW.

3.4.1.2 DRY FGD CAPITAL COST ESTIMATE

Estimated direct costs for the dry FGD system idelthe SDA, fabric filter, major support facilities
and BOP costs. The $@ontrol system cost is representative of a tyfisaldish and erect contract by
a lime SDA/FF system supplier. The SDA/FF systestsestimated by CUECost are broken down
into the major subsystems of reagent preparatfmaysdryer absorber, waste handling systems, flue
gas handling systems (new ID fans and ductwork)sapgort systems. A fabric filter is included in
the estimate for the capture of entrained absargifoducts. BOP costs are described below in more

detail.

As previously discussed, the existing Unit 1 stigdk poor physical condition and is to short feuse.

It would be possible to reuse the existing Unitétk to exhaust the flue gas from Unit 1. Othanth
modifying the ductwork, significant modificationsowld not be required to make the Unit 2 stack
suitable for operation with a dry FGD flue gas. BCbsts include long lengths of ductwork to thetUni

2 stack inlet and electrical subcontract. Theltesi the capital cost estimate are given in Ta&ue2.
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TABLE 3.4-2 — Capital Cost Estimate for MRYS Unit 1

Dry FGD/FF System

=4

Estimated Cost General Facilities
DIRECT COSTS ($2,006) Markup (10%) Total Direct Cost
SDA System
Reagent Prep System $9,347,000 $935,000 $10,282,00
SO, Absorption System $9,883,000 $988,000 $10,871,000
Flue Gas Handling Systen $8,120,000 $812,000 $8,932,00
Byproduct Handling Systerp $1,902,000 $190,000 $200R,
Support Equipment $3,078,000 $308,000 $3,386,000
Dry FGD Total Direct Cost = $35,563,000
Fabric Filter
Fabric Filter Housing $7,996,000 $800,000 $8,796,000
Bags $1,268,000 $127,000 $1,395,000
Ash Handling System $2,460,000 $246,000 $2,706,000
Instruments & Controls $254,000 $25,000 $279,000
Freight $636,000 $64,000 $700,000
Installation $9,131,000 $913,000 $10,044,000
Fabric Filter Total Direct Cost = $23,920,000
BOP Costs
Electrical Subcontract $8,055,000 NA $8,055,000
Additional Ductwork $2,007,000 NA $2,007,000
BOP Total Direct Cost = $10,063,000
Total Direct Cost = $69,545,000
INDIRECT COSTS
Contingency (20% of DC $13,909,000
A/E Engineering and Construction Management (10% of PC) $6,955,000
Prime Contractor's Fee (3% of DT) $2,086,000
Allowance For Funds During Construction (AFDC 3.8p6)  $2,643,000
Indirect Cost Subtotd $25,593,000
Total Plant Investment (TPI) $95,138,000
Pre-Production Costs $3,016,000
Inventory $258,000
Total Capital Requirement $98,412,000

Minnkota Power Cooperative, Inc.

3-9

Burns & McDonnell



SO, Evaluation Milton R. Young Station
BART Determination Study

A new stack was not included in the capital coshede. It was assumed for the purpose of the

estimate that the existing Unit 2 stack would hesesl.

The total estimated capital cost estimate for apgteta, stand-alone lime SDA FGD system with a
fabric filter, utilizing lime as a reagent is $9824000, or $383/kW.

3.4.1.3 WET FGD O&M COST ESTIMATE

The annual operating and maintenance costs (O&Igtscre comprised of fixed costs (maintenance
and labor) and variable cost (consumables). Tleeatipng labor cost was developed as part of the
CUECost model and is based on unit size and aratipgriabor rate of $40 per hour. However,
because BOP estimates were modified, administratidesupport labor and maintenance where
calculated as described below. Table 3.4-3 sunzemthe O&M cost estimates for the wet FGD

system.

The fixed costs include operating labor, admintsteaand support labor and the maintenance material
and labor costs. The maintenance material and t@ist was estimated as approximately 3% of the
wet FGD system direct capital cost in Table 3.4Atministrative and support labor cost was estiithate
as 12% of the maintenance material and labor dost3D% of the operating labor costs. Previous

studies and guidelines for FGD O&M costs by EPRI athers are in line with these percentages.

TABLE 3.4-3 — O&M Cost Estimate for MRYS Unit 1 Wet Lime FGD System

Fixed Costs

Operating Labo $1,490,000

Admin and Support labd $741,000
Maintenance Material and Labpr  $2,449,000
Total Fixed O&M Costs = $4,680,000
Variable Costs

=t

Lime Reagen $3,620,000
Byproduct Disposa| $555,000

Water $88,000
Auxiliary Power $1,339,000
Total Variable O&M Costs = $5,602,000

Total Annual O&M Costs $10,282,000
Net Annual O&M Cost ($/MWh) $5.40

Variable costs include reagent, makeup water, F@adaluct disposal and auxiliary power costs. The

estimated annual costs for these consumables aeel loam consumption rates modeled by the CUECost
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model and the unit cost information provided in [Eah.2-1 Economic Design Criteria. A cost of $6

per ton for pumping the FGD waste slurry to thepdsal pond was included for waste disposal.

34.14 DRY FGD O&M COST ESTIMATE

The O&M cost estimate for the SDA/FF alternativesveatimated using CUECost. Lime usage was set
at 1.3 Ibmol of lime (CaO) per Ibmol of 3@&moved. A ratio of 7.5 Ib of recycled solids peund of

lime added and 30% solids slurry were set as desigditions. A total of 13” w.g. pressure drop

across the combined SDA/FF system was also specifi@e Fabric Filter was sized for a gas-to-cloth
ratio of 3.5 ACFM/Ft. A three year bag life was assumed. The purpufséss study, it was assumed
that the ESP would be completely de-energized asultrin a cost savings as shown. The results of
the SDA/FF O&M cost estimate are summarized in &&of-4.

TABLE 3.4-4 — O&M Cost Estimate for MRYS Unit 1 SDA /FF System

Fixed Costs

Operating Labo $1,199,000
Admin and Support Labd $467,000
Maintenance Material and Labpr $3,233,000

Total Fixed O&M Costs = $4,899,000
Variable Costs

-

Lime Reagen $4,806,000

Byproduct Disposal  $1,213,000
Water $88,000

ESP Power Saving ($125,000)

Auxiliary Power $1,208,000

Total Variable O&M Costs = $7,190,000

1)

Total Annual O&M Costs $12,089,000
Net Annual O&M Cost ($/MWh) $6.32

3.4.15 LEVELIZED TOTAL ANNUAL COST
In order to effectively compare the cost of insta] operating and maintaining each of the, 8@ntrol

systems, capital and O&M costs can be evaluatesllexelized basis.

A Net Present Value (NPV) was calculated for theheaternative utilizing the estimated costs in
Tables 3.4-1 through 3.4-4 and the economic candtgiven in Table 1.2-1. The NPV calculation
was based on a two year construction period, fatblwy a 20 year service life ending December 31,

2031. Estimated capital costs were split evengravtwo year construction period for all altervesi.
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A system startup date of December 31, 2011 was heseld upon the requirements of the Consent
Decree. O&M costs were included through the entthefcalendar year 2031. No salvage value was
assumed at the end of the service life for anyefdternatives. The NPV for all 3Control

technology alternatives are presented in Tablé3.4-

The Levelized Total Annual Cost (LTAC) for all attatives was calculated based on the same
economic conditions and a 20 year project life arelpresented below in Table 3.4-6 along with the
emissions reduction, resultant emissions rate lmadUnit Control Cost. The Unit Control Cost is the
LTAC divided by the annual tons of $@missions that would be controlled by implementabf the

respective alternative.

Table 3.4-5 — NPV of SO , Control Alternatives for MRYS Unit 1

Net Present Value

SO, Control Control (NPV)
Alternative Efficiency ($2006)

Wet FGD 95% $222,742,000

Dry FGD 90% $232,880,000

Service Life: Through 2031
Interest: 6%

Construction Period: 2 years

Startup Date: Dec. 31, 2011
Inflation Rate: 3% For Construction and 2.5% for O&M

Table 3.4-6 — Levelized Total Annual Cost of SO 5 Control Alternatives for MRYS

Unit 1
Levelized Actual
Annual Installed Total Unit

Emission Capital Annual Annual Control

SO, Control Control Reduction Cost O&M Cost Cost Cost
Alternative | Efficiency” (tpy) ($2006} ($2006) ($2006% ($/ton)®
Wet FGD 95% 20,460 $111,776,000 $10,282,pGkR2,584,000] $1,104
SDA/FF 90% 19,383 $98,412,000 $12,089,00823,676,000] $1,221

1. All Costs in 2006 dollars.

2. For LTAC calculation, Capital Recovery Factor = 0.0871B@&M Levelization Factor = 1.24873.
3. Overall control cost is LTAC divided by actual annemlissions reduction of each alternative.

4. SQremoval is across the FGD system.

The annual tons of S@eduction in this BART analysis are calculatedhesdifference between the
pre-controlled emissions from the historic high&&tmonth rolling average pre-control baseline rfiri

lignite fuel at the historic 24-month average heput with the historic 24-month average sulfur and
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heat contents and the historic 24-month averageoperating time) and the controlled emissions

assumed to be at the same input conditions anaparating time.

The Levelized Total Annual Cost and Unit Controls€Care used to evaluate the technology alternatives
on a cost effectiveness basis. As can be seendmawiew of Tables 3.4-5 and 3.4-6, the wet lime

FGD alternative is the highest capital cost altevegbut the lowest levelized total annual cost aad
present value. Because the accuracy of the estifh@0%) is greater than the variance of the
estimated LTACs ( 4%) and the Unit Control Costs (1:0%) for all post combustion control

alternatives, none of the alternatives were exaddem further analysis on a cost basis.
The next step in the cost effectiveness analysithBdBART alternatives is to review the increménta

cost effectiveness between the remaining alteresitiviable 3.4-7 contains a repetition of the aost

control information from Table 3.4-6 and the incestal cost effectiveness for each control alteveati

TABLE 3.4-7 — Incremental Cost Effectiveness of Uni  t1 SO, BART Control

Alternatives
Levelized Annual Incremental
Total Emission Cost
BART Annual Reduction Effectiveness
Alternative Cost? (tpy) ($/ton)
Wet FGD $22,584,000 20,460 -$1,014
Dry FGD $23,676,000 19,383 NA

(1) - For LTAC calculation, Capital Recovery Factor = 0.@@thd O&M Levelization Factor = 1. 24873.

In the BART Determination guidelines, EPA does mmivide definition, or even discussion of
reasonable, or unreasonable, Unit Control Cosiilé8ly, EPA does not address reasonable or
unreasonable ranges for the incremental cost aféextss. The incremental cost effectiveness is a
marginal cost effectiveness between two speciferahtives. The incremental cost effectiveness for
wet FGD versus dry FGD in Table 3.4-7 is within thage of reasonable costs used in other regulatory
analyses and thus does not indicate that wet FQiblsibitively expensive relative to the dry FGD

alternative.

The cost analysis portion of the BART determinafi@nMRYS Unit 1 has shown that none of the Unit
Control Costs for the remaining alternatives areeexingly expensive on a Unit Control Cost basis.
From an economic analysis viewpoint, wet FGD appéabe the most cost effective evaluated SO

control alternative for MRYS Unit 1. However, basa the capital costs of all of these technologies
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are subject to market conditions at the time othase, such as; alloy pricing, major equipment lead
times (i.e., slurry pumps, ID fans, etc.) the niglatloseness of the estimated capital costs od g
indicator that the cost ranking of these alterretimnight even be reversed at the time of actual

purchase.

3.4.2 ENERGY IMPACTS

The energy impacts of each alternative, in termsodh estimated kW of energy usage and the percent
of total generation, are given in Table 3.4-8. Pphiemary energy impacts of the wet FGD alternative
consists of the additional electrical load resgltirom pumps, blowers, booster fans, reagent
preparation and vacuum pumps for byproduct sluesyatering. The largest energy users for the dry
FGD are pumps, blowers, atomizers, reagent preparadditional fabric filter and ID fans. Buildin
HVAC and interior and exterior lighting loads atsaincluded, but the major energy consumption is

due to the primary systems described above.

TABLE 3.4-8 — Energy Requirements of MRYS Unit 1 BART SO , Control Alternatives

Energy Percent of
BART Demand Nominal
Alternative (kW) Generation
Wet FGD 5,140 2.2%
Dry FGD 4,113 1.8%

3.4.3 NON-AIR QUALITY ENVIRONMENTAL IMPACTS

Non-air quality environmental impacts of the instébn and operation of the various BART
alternatives include hazardous waste generatidid, @aod aqueous waste streams, and salable products

that could result from the implementation of vaa®@ART alternatives.

Captured mercury in the solid waste stream frompost combustion alternative would be present as a
trace contaminant in the solid waste, not affectirsposal options as long as the waste passeottie T

Characteristic Leaching Procedure (TCLP), which FyBtem wastes have historically.

A wet FGD system for MRYS Unit 1 is estimated toguce approximately 12 tons per hour of solid
waste. The waste stream would consist of solidsimerts in a slurry at approximately 10-15% salids

Over the course of a year, the total solid wastntty from the wet FGD is estimated to be
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approximately 105,000 tons of solids which woulddmefilled in the current permitted solid waste
disposal facility near the plant. A dry FGD systemnMRYS Unit 1 is estimated to produce
approximately 28 tons per hour of solid waste gragimately 245,000 tons per year. The dry FGD
waste stream contains approximately 95% solidstlamdnajority is carried through to downstream
particulate control. The increase in solids ismhyaattributed to mixing with the fly ash which ntos
likely has insufficient quality for sale. Thusgtdry FGD solids would be landfilled in the current

permitted disposal facility.

3.4.4 SO, VISIBILITY IMPAIRMENT IMPACTS ANALYSIS —UNIT 1

The remaining step for the BART $@nalysis was to conduct a visibility improvemeeatetmination

for Unit 1. The NDDH Modeling ProtocBlSO, emission rate of 7,231.2 Ib/hr was modeled to
determine a pre-control baseline visibility impeat MRYS Unit 1. This protocol rate was based upon
maximum 24-hour emission rates from the 2000-2068eting period. The baseline visibility impact
was then compared with the results predicted fronodeled post-control S@mission rate based
upon a 90% control dry scrubbing technology altivesSG emission rate and a 95% control wet
scrubbing technology alternative S€mission rate relative to the protocol Unit 1 postrol SQ

emission rate.

According to the BART non-visibility impact analgsiwet flue gas desulfurization (FGD) was
considered the most effective technology and tloeeefvas evaluated as BART for Unit 1. The lowest
post-control S@emission rate of 361.6 Ib/hr was based upon agpic of wet FGD control

technology for a reduction of approximately 95 patdrom the protocol mass emission rate. The next
lowest post-control SQemission rate of 723.1 Ib/hr was based upon agibic of dry FGD control

technology for a reduction of approximately 90 eetdrom the protocol mass emission rate.

The results of the visibility impairment modelingthe protocol baseline S@mission rate for MRYS
Unit 1 showed that three of the four Class 1 aheabka 9% percentile visibility impairment impact
above the 0.50 dV threshold level for discernalvipécts that contribute to visibility impairmenthél
90" percentile visibility modeling results for the pa®ntrol 90% and 95% SQ@eduction emission
rates showed reductions in visibility impairmenpit for all four Class 1 areas. In addition, the
modeled 98 percentile visibility impairment impacts for all&@s 1 areas at the post-controL,SO

emission rates were below the 0.50 dV thresholdlleVhe predicted visibility impairments from the

12 1bid NDDH Final BART Protocol; November 2005.
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modeling are presented in Table 3.4This value is the average visibility impairment @apreduction
over the three modeled years (2000-2002) for etiebtad Class 1 area. The predictions of 24-hour
98th percentile deciView data are also provideAppendix A.

Table 3.4-9 — SO, Visibility Impairment Impacts and Reductions, MRYS Unit 1
Visibility Impairment Impacts * Visibility Impairment Reduction
(deciView) (deciView)
Federal Class 1 | Protocol Post-Control Emissions Post-Control Emission$

Area Emissions | 90% Control | 95% Control 90% Control 95% Control

TRNP-South Unitf  0.549 0.250 0.173 0.299 0.375

TRNP-North Unit 0.628 0.269 0.165 0.359 0.463

TRNP-EIkhorn 0.374 0.160 0.111 0.214 0.263
Ranch

Lostwood NWR 0.750 0.322 0.248 0.428 0.502

1- Average 90 percentile predicted visibility impairment impaetrsus background visibility. A summary of the ratily
scenarios is provided in Table 1.5-1 and the modelesults are presented in Appendix A.

2 - SQ emissions reduction by 90% and 95% over protoaskline case. This scenario assumes protocoliemisges for
NOy and PM.

The number of days predicted to have visibility @rment due to MRYS Unit 1 emissions that were
greater than 0.50 and 1.00 deciViews at any recé@pt Class 1 area were determined by the vigjbili
model. The results for the predicted protocol past-control 90% and 95% S@duction emission
rates from MRYS Unit 1 are summarized in Table BMand Table 3.4-11, respectively. The number
of days predicted to have visibility impairment gter than 0.50 and 1.00 deciViews at any receptor i
a Class 1 area between protocol and post-controke8tssion rates were reduced in all cases. The

number of consecutive days exceeding 0.50 dV oathwas either the same or was reduced.
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Table 3.4-10 — Visibility Impairment Improvements —  MRYS Unit 1 Dry FGD SO , Control Impacts (Days)

Consecutive | Consecutive | Consecutive
Days Days Days’ Days’ Days’ Days’ Days’ Days’ Days’
Exceeding| Exceeding| Exceeding| Exceeding| Exceeding| Exceeding| Exceeding Exceeding Exceeding
SO, Control 0.5dvin | 05dVin | 05dVin | 1.0dVin | 1.0dVin | 1.0dVin 0.5 dv 0.5 dv 0.5dVv
Class 1 Area Technique 2000 2001 2002 2000 2001 2002 2000 2001 2002
TRNP South Protocol 38 30 48 19 15 26 3 3 4
Dry FGD 10 20 24 4 11 12 1 3 3
Reduction 28 10 24 15 4 14 2 0 1
TRNP North Protocol 34 44 46 14 21 29 2 4 4
Dry FGD 13 31 25 7 13 12 1 4 4
Reduction 21 13 21 7 8 17 1 0 0
TRNP Elkhorn Protocol 25 24 35 12 16 20 2 3 4
Dry FGD 9 20 18 4 8 9 2 3 2
Reduction 16 4 17 8 8 11 0 0 2
Lol\sl\t/‘\’lvlg"d Protocol 51 58 42 26 30 24 3 5 5
Dry FGD 17 36 17 3 19 4 2 3 3
Reduction 34 22 25 23 11 20 1 2 2

1 - Predicted visibility impairment impacts {9percentile) for 2000-2002 for protocol and postteol SGQ emission levels that are a reduction of 90%.
2 - Number of days for predicted visibility impaiemt impacts provided in Appendix A.
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Table 3.4-11 — Visibility Impairment Improvements —

MRYS Unit 1 Wet FGD SO , Control Impacts (Days)

Consecutive | Consecutive | Consecutive
Days’ Days’ Days’ Days’ Days’ Days’ Days’ Days’ Days’
Exceeding| Exceeding| Exceeding| Exceeding| Exceeding| Exceeding| Exceeding Exceeding Exceeding
SO, Control 0.5dVvin | 05dvVin | 05dVin | 1.0dVin | 1.0dVin | 1.0dVin 0.5dv 0.5dv 0.5dv
Class 1 Area Technique 2000 2001 2002 2000 2001 2002 2000 2001 2002
TRNP South Protocol 38 30 48 19 15 26 3 3 4
Wet FGD 11 11 23 4 3 14 1 2 3
Reduction 27 19 25 15 12 12 2 1 1
TRNP North Protocol 34 44 46 14 21 29 2 4 4
Wet FGD 13 15 22 8 3 12 1 2 3
Reduction 21 29 24 6 18 17 1 2 0
TRNP Elkhorn Protocol 25 24 35 12 16 20 2 3 4
Wet FGD 7 8 17 4 1 9 1 2 2
Reduction 18 16 18 8 15 11 1 1 2
Loﬁwg"d Protocol 51 58 42 26 30 24 3 5 5
Wet FGD 17 24 15 3 10 5 2 0 3
Reduction 34 34 27 23 20 19 1 5 2

1 - Predicted visibility impairment impacts {9percentile) for 2000-2002 for protocol and postteol SG emission levels that are a reduction of 95%.
2 - Number of days for predicted visibility impaiemt impacts provided in Appendix A.
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3.5 EVALUATION OF IMPACTS FOR FEASIBLE SO , CONTROLS — UNIT 2

Step four in the BART analysis procedure is thedot@analysis. The BART Determination

Guidelines (70 FR 39166) lists four factors to basidered in the impact analysis.

» The costs of compliance;
» Energy impacts;
* Non-air quality environmental impacts; and

» The remaining useful life of the source.

Three of the four impacts required by the BART liitks are discussed in the following sections.
The remaining useful life of the source was deteedito be greater than the project life definifion
the EPA’'s OAQPS Control Cost Manual (EPA/453/B-@3-Pand thus had no impact on the BART
determination for MRYS. In addition, as descrilie&ection 1.4, the visibility impairment impact of

each alternative was evaluated as part of the itgadysis.

As previously stated in Section 3.2.1, the Con8ertree requires MRYS to modify the existing wet
FGD system on Unit 2 to achieve a removal efficieotat least 90%. Modifications to the existing
wet FGD were evaluated as the minimum level of mdrior BART. In addition, because some wet
FGD systems are capable of achieving 95% remofialexfcy, modifications required to achieve

95% control were also evaluated for the wet FGess.

3.5.1 COST ESTIMATES

The two wet FGD scenarios at 90 and 95 percenta@antolve modifications to the existing FGD
process. Because the two control scenarios invabifications to existing technology, the
CUECost was not used to estimate costs for the 2J8if) control alternatives. Insteagiosts for
retrofitting and operating the two BART alternasweere estimated from various literature
sources and Burns & McDonnell’s in-house experiearte resources. Information from
such sources was adjusted for known local conditidviodifications to the existing wet FGD

system and support equipment were identified astsosere estimated for comparison of the two

wet FGD alternatives.
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A Net Present Value (NPV) and Levelized Total Aribast (LTAC) was calculated for the each
alternative utilizing the costs presented in tHeWng sections, the same methodology presented in

Section 3.4.1.5 and the economic conditions ginehaible 1.2-1.

3.5.1.1 WET FGD COST ESTIMATE FOR 90% REMOVAL

The Consent Decree requires MRY'S to upgrade thstiegiUnit 2 FGD system to achieve and
maintain 90% Seremoval on a 30-day rolling average including dog fjas routed though a bypass
duct. This analysis assumes that to achieve 9086val, the bypass will be eliminated and lime
reagent usage will increase. If the flue gas bypaeliminated, the flue gas exiting the wet FGID) w
be at a saturated condition. Because the existamk is not designed for saturated conditions and
modifications to the existing stack require an egttd outage that is incompatible with MRYS
operations, the recommended solution is to cons&rmew stack suitable for saturated flue gas. Due
to the arrangement of existing equipment, the naskswvould be located approximately 220 feet
from the existing stack and new ductwork would éguired. Scrubbing 100% of the flue gas will
also increase the volume of flow through each diesomodule, thus increasing the velocity inside
the vessel. New high velocity mist eliminators@iddoe installed to account for the higher velocity
and prevent corrosion issues caused by mist cagnjato the ductwork and stack. The cost estimate

for a wet FGD system achieving 90% control is sumimed in Table 3.5-1.

Table 3.5-1 — Cost Estimate for MRYS Unit 2 Wet FGD  System at 90% Control

Retrofit Capital Costs

New Stack] $ 16,850,000

New Ductwork] $ 1,565,000

New Mist Eliminators] $ 810,000
$

Total Capital Costs = 19,225,000
Annual O&M Costs

Lime Reagenf $ 2,816,000
Byproduct Disposal] $ 477,000
Water| $ 163,000

Auxiliary Power| $ 1,074,000
Total O&M Costs = $ 4,530,000

Net Present Value (NPV)| $ 71,752,000
Levelized Total Annual Cost (LTAC)| $ 7,333,000
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3.5.1.2 WET FGD COST ESTIMATE FOR 95% REMOVAL

To modify the existing wet FGD system to achieve araintain 95% Sgemoval on a 30-day

rolling average will require the bypass to be dliated and cause lime reagent usage to increase. Th
capital improvements and associated costs willithelthe same new stack, new ductwork and new
mist eliminators that were required to achieve @@¥trol. To modify the existing process to

achieve the additional 5% control requires a detiafingineering analysis and design review which is
outside the scope of this evaluation. Howevea, minimum, the absorber modules would require the
addition of perforated trays to increase the rerheffeciency. The addition of trays in the absarbe

will increase the pressure drop across the systehwél require ID fan modifications. Thus, Table
3.5-2 includes additional capital costs associatigal the addition of trays and modification to the

existing ID fans.

Table 3.5-2 — Cost Estimate for MRYS Unit 2 Wet FGD  System at 95% Control

Retrofit Capital Costs
New Stack| $ 16,850,000
New Ductwork| $ 1,565,000
New Mist Eliminators| $ 810,000
Absorber Trayd $ 853,000
ID Fan Modifications] $ 4,911,000
Total Capital Costs =] $ 24,989,000

Annual O&M Costs

Lime Reagenf $ 2,964,000
Byproduct Disposal $ 502,000
Water| $ 172,000
Auxiliary Power| $ 1,355,000
Total O&M Costs = $ 4,993,000
Net Present Value (NPV)] $ 82,424,000
Levelized Total Annual Cost (LTAC)| $ 8,414,000

The next step in the analysis for the BART altaxeatis to review the unit control cost and
incremental cost effectiveness of the remainingiades. Table 3.5-3 contains a repetition of the

cost information from Tables 3.5-1 and 3.5-2.

Because Unit 2 has existing S€ntrol, the historic highest 24-month rolling eage represents a
controlled emission rate. Thus, the baseline drtona of SQ for Unit 2 in this BART analysis are

calculated as the pre-controlled emissions froingitignite fuel containing 1% sulfur at a heatunp
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of 5,158 mmBtu/hr with the unit operating at 85%aeity. The resulting uncontrolled emissions are
15,600 pounds per hour or 58,000 tons per yearcohtolled emissions assumed application of the
respective removal efficiency to the baseline eimsgte with the same input conditions and unit
operating time. The annual tons of S@duction for Unit 2 are calculated as the diffimebetween

the protocol emissions and the controlled emissims®ciated to the respective removal efficiency.

TABLE 3.5-3 — Incremental Cost Effectiveness of Uni  t2 SO, BART Control

Alternatives
Actual
Levelized Annual Unit Incremental
Total Emission Control Cost
BART Annual Reduction Cost Effectiveness
Alternative Cost* (tpy) ($/ton)? ($/ton)
95% Control
Wet FGD $8,414,000 22,700 $371 $373
90% Control
Wet FGD $7,333,000 19,800 $370 NA

1. For LTAC calculation, Capital Recovery Factor = 0.08718 @&M Levelization Factor = 1. 24873.
2. Overall control cost is LTAC divided by actual annual efoiss reduction of each alternative.

The Levelized Total Annual Cost and Unit ControlsCare used to evaluate the technology
alternatives on a cost effectiveness basis. Beddisis a comparison of the same technology at
different removal efficiencies, one would expea HTAC to be greater with the higher removal

efficiency option.

In the BART Determination guidelines, EPA does mrmvide a definition, or even discussion of
reasonable, or unreasonable, Unit Control Cosimileé8ly, EPA does not address reasonable or
unreasonable ranges for the incremental cost aféatss. The incremental cost effectiveness is a
marginal cost effectiveness between two speciferahtives. The incremental cost effectiveness for
95% control versus 90% control in Table 3.5-3 ithmi the range of reasonable costs used in other
regulatory analyses and thus does not indicatentbEGD at 95% control is prohibitively expensive

relative to the 90% control alternative.

The cost analysis portion of the BART determinafi@nMRYS Unit 2 has shown that none of the
Unit Control Costs for the remaining alternatives exceedingly expensive on a Unit Control Cost

basis.
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3.5.2 ENERGY AND NON-AIR QUALITY IMPACTS

The primary energy impacts of the wet FGD processist of the additional electrical load resulting
from pumps, blowers, booster fans, reagent preparahd vacuum pumps for byproduct slurry
dewatering. Because the 90% control alternatiaduated for Unit 2 only includes modifications to
existing equipment, the energy impacts are dugévational differences created by the
modifications and are difficult to quantify. Thubke energy impacts are estimated in terms of total
system energy usage in kW and are included aop#ré cost evaluation. An increase in energy
usage for the 95% control alternative is a redulhstalling perforated trays and increasing the
pressure drop of the absorber modules. The inetiegzressure drop requires approximately 733 kW
of additional ID fan power. A new category of nain-quality impact is not caused by the
modifications to the existing system. The nonegiality impacts include increases to existing waste
generation, are considered in the cost analysitopoof the analysis and no additional evaluation

was performed.

3.5.3 SO, VISIBILITY IMPAIRMENT IMPACTS ANALYSIS — UNIT 2

The remaining step for the BART $@nalysis was to conduct a visibility improvement
determination for Unit 2. The NDDH BART proto&)BOz emission rate of 6,879.0 Ib/hr was
modeled to determine a pre-control baseline vigjtinpact for MRYS Unit 2. The protocol rate

was based upon maximum 24-hour emission rates ther2000-2002 modeling period. The baseline
visibility impact was then compared with the resydtedicted from a modeled post-contro,SO
emission rate based upon 90% and 95% control weblsing technology alternatives that utilize the

modified, existing wet FGD system.

According to the BART non-visibility impact analgsimodifications to the existing wet FGD
achieving 95% removal efficiency was the most dffectechnology and therefore was evaluated as
BART for Unit 1. The 95% removal efficiency equate an emission rate of 773.7 Ib/hr SQhe
next lowest post-control S@mission rate of 1,574.4 Ib/hr was based uporpgnade of the existing
wet FGD process to achieve 90%,3€duction. The post-control CALPUFF model sceméor

MRYS Unit 2 was conducted with the protocol flénd PM emission rates and the post-contrgl SO

emission rate as discussed in Section 1.5.5 ankt Tah-1.

13 |bid, NDDH Modeling Protocol.
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SO, Evaluation

The results of the visibility impairment modelingtiae protocol baseline S@mission rate for

MRYS Unit 2 showed that three of the four Classeaa had a 90percentile visibility impairment
impact above the 0.50 dV threshold level for disabte impacts that contribute to visibility
impairment. The 90percentile visibility modeling results for the pa®ntrol 90% and 95% SO
reduction emission rates showed reductions in Nitgilimpairment impact for all four Class 1 areas.
In addition, the modeled $@ercentile visibility impairment impacts for allads 1 areas at the post-
control SQ emission rates were below the 0.50 dV threshaldlleThe predicted visibility
impairments from the modeling are presented in §8b-4. This value is the average visibility
impairment impact reduction over the three modgleats (2000-2002) for each affected Class 1
area.

Table 3.5-4 — SO, Visibility Impairment Impacts and Reductions, MRYS Unit 2

Visibility Impairment Reduction
Visibility Impairment Impacts * (deciView)
(deciView)
Federal Class 1| Protocol Post-Control Emission$ Post-Control Emission$
Area Emissions 90% and 95% Control 90% and 95% Control
TRNP-South Unit 0.580 0.390 0.304 0.190 0.276
TRNP-North Unit 0.619 0.370 0.271 0.249 0.348
TRNP-Elkhorn 0.360 0.225 0.171 0.135 0.189
Ranch
Lostwood NWR 0.775 0.493 0.405 0.282 0.370

1- Average 9B percentile predicted visibility impairment impa&trsus background visibility. A summary of the
modeling scenarios is provided in Table 1.5-1 drdnhodeling results are presented in Appendix A.

2 - SQ emissions reduction by 90% and 95% over protoasklbine case. This scenario assumes protocoliemisges
for NOx and PM.

The number of days predicted to have visibility amment due to MRYS Unit 2 emissions that were
greater than 0.50 and 1.00 deciViews at any recépi® Class 1 area were determined by the
visibility model. The results are summarized anespnted in Table 3.5-5 and 3.5-6. The visibility
impairment impact and number of days predictedatehvisibility impairment greater than 0.50 and
1.00 deciViews at any receptor in a Class 1 aréad®n protocol and post-control 90% and 95% SO
reduction emission rates were reduced in all ca¥bs. number of consecutive days exceeding 0.50

dV of impact was either the same or was reduced.
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Table 3.5-5 — Visibility Impairment Improvements —  MRYS Unit 2 90% Wet FGD SO , Control Impacts (Days)

Consecutive | Consecutive| Consecutive
Days’ Days’ Days Days’ Days Days Days Days’ Days’
Exceeding| Exceeding| Exceeding| Exceeding| Exceeding| Exceeding|] Exceeding Exceeding Exceeding
Class 1 05dvin | 05dvin | 05dVin | 1.0dVin | 1.0dVin | 1.0dVin 0.5dv 0.5dv 0.5dv
Area SO, Control Technique 2000 2001 2002 2000 2001 2002 2000 2001 2002
TRNP Protocol 41 28 51 18 14 27 3 3 4
South
Wet FGD
Upgraded to 90% Contro| 24 20 36 8 11 23 2 3 3
Reduction 17 8 15 10 3 4 1 0 1
TRNP Protocol 32 43 47 18 21 29 2 4 4
North
Wet FGD
Upgraded to 90% Contro| 22 32 35 1 13 25 2 4 4
Reduction 10 11 12 7 8 4 0 0 0
TRNP Protocol 31 23 36 11 14 20 2 3 4
Elkhorn
Wet FGD
Upgraded to 90% Contrg 12 21 24 8 10 16 2 3 2
Reduction 19 2 12 3 4 4 0 0 2
Lostwood
NWR Protocol 52 51 48 30 31 25 3 3 5
Wet FGD
Upgraded to 90% Contrg 36 39 30 14 22 16 3 3 5
Reduction 16 12 18 16 9 9 0 0 0

1 - Predicted visibility impairment impacts {9percentile) for 2000-2002 for protocol and postteol SGQ emission levels.
2 - Number of days for predicted visibility impaiemt impacts provided in Appendix A.
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Table 3.5-6 — Visibility Impairment Improvements —  MRYS Unit 2 95% Wet FGD SO , Control Impacts (Days)

Consecutive | Consecutive| Consecutive
Days Days Days’ Days’ Days’ Days’ Days’ Days’ Days’
Exceeding| Exceeding| Exceeding| Exceeding| Exceeding| Exceeding|] Exceeding Exceeding Exceeding
Class 1 05dvin | 05dvVin | 05dVin | 1.0dVin | 1.0dVin | 1.0dVin 0.5dv 0.5dv 0.5dv
Area SO, Control Technique 2000 2001 2002 2000 2001 2002 2000 2001 2002
TRNP Protocol 41 28 51 18 14 27 3 3 4
South
Wet FGD
Upgraded to 95% Contrg 21 14 33 8 8 22 2 2 3
Reduction 20 14 18 10 6 5 1 1 1
TRNP Protocol 32 43 47 18 21 29 2 4 4
North
Wet FGD
Upgraded to 95% Contrg 21 21 32 1 11 22 2 2 4
Reduction 11 22 15 7 10 7 0 2 0
TRNP Protocol 31 23 36 11 14 20 2 3 4
Elkhorn
Wet FGD
Upgraded to 95% Contrg 12 13 21 6 5 16 2 2 2
Reduction 19 10 15 5 9 4 0 1 2
Lostwood
NWR Protocol 52 51 48 30 31 25 3 3 5
Wet FGD
Upgraded to 95% Contrg sl 34 21 12 L 15 3 3 3
Reduction 21 17 21 18 14 10 0 0 2

1 - Predicted visibility impairment impacts {9percentile) for 2000-2002 for protocol and posttcol SQ, emission levels.
2 - Number of days for predicted visibility impaiemt impacts provided in Appendix A.
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4.0 PARTICULATE MATTER BART EVALUATION

Steps 1 through 5 of the BART analyses for PM eimmssfrom MRYS Unit 1 and Unit 2 are
described in this section. Potentially applica®@® control technologies are first identified. A brie
description of potential control options and tregpabilities, including MRYS Unit 1 and Unit 2
existing PM air pollution control equipment, is pided. Subsequently, those available technologies
deemed feasible for retrofit application are ran&edording to nominal PM control capability. The
impacts analysis then reviews the estimated cagitdlO&M costs for each alternative, including
taking a look at Balance Of Plant (BOP) requireraerfollowing the cost determination, the energy
impacts and non-air quality impacts are reviewadetrh technology. The impact based on the
remaining useful life of the source is reviewegag of the cost analysis. In the final step &f th
analysis, feasible and available technologies ssessed for their potential visibility impairment
impact reduction capability via visibility modelinrgsults. The results of the impact analyses are

tabulated and potential BART control options aséeli.

4.1 IDENTIFICATION OF RETROFIT PM CONTROL TECHNOLOG IES

The initial step in the BART determination is tldemtification of retrofit PM control technologies.

In order to identify the applicable PM control teclogies, several reference works were consulted,
including the RACT/BACT/LAER Clearinghouse (RLBCA preliminary list of control technologies
and their estimated capabilities for potential &ggtion to MRYS was developed. As discussed in
the introduction, Minnkota has entered into a Cah&gecree (CD). The CD requires MRYS to
maintain or upgrade the existing PM controls orhhotits to achieve specified emission rates.
Because the CD specified the PM emission ratecahé&ol technologies included in the BART
analysis either meet the minimum emission rateiBpddy the CD or have more stringent emission

rate. Table 4.1-1 contains the results of thier&ff

TABLE 4.1-1 — PM Control Technologies Identified fo  r BART Analysis

Control Technology Approximate Control
Efficiency
Fabric Filter or Baghouse 99.7%
COHPAC Baghouse 99.7%
New Electrostatic Precipitator 99.7%
Existing Electrostatic Precipitator 99.0%
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4.2 TECHNICAL DESCRIPTION AND FEASIBLITY ANALYSIS

The second step in the BART analysis procedurdéstanical feasibility analysis of the options
identified in Step 1. The BART guidelines discasssideration of two key concepts during this step
in the analysis. The two concepts to considettaéavailability” and “applicability” of each cortl
technology. A control technology is consideredikble, “if it has reached the stage of licensing
and commercial availability.” (70 FR 39165) On tiomtrary, a control technology is not considered
available, “if it is in the pilot scale testing g&s of development.” (70 FR 39165) When considerin
a source’s applicability, technical judgment mustexercised to determine “if it can reasonably be
installed and operated on the source type.” (7BgE5) All PM control technologies identified for
this analysis are proven technologies that arenieally feasible for review as a potential BART
alternative for either Unit 1 or 2. The identffiBART alternatives following the feasibility analg

are summarized in Table 4.2-1.

TABLE 4.2-1 — MRYS BART PM Control Feasibility Anal ysis Results
In full-scale In Service Technically
service on on Other Applicable To
Existing Combustion | Commercially Milton R.
Control Technology Utility Boilers Sources Available Young Station
Fabric Filter or Baghouse| Yes Yes Yes Yes
COHPAC Baghouse Yes Yes Yes Yes
New Electrostatic Yes Yes Yes Yes
Precipitator
Existing Electrostatic Yes Yes Yes Yes
Precipitator

4.3

EFFECTIVENESS

EVALUATE TECHNICALLY FEASIBILE PM CONTROL OPTIO NS BY

The third step in the BART analysis procedure isvaluate the control effectiveness of the

technically feasible alternatives. The PM conéficiency was reviewed and presented as parteof th

technology identification in Step 1 of the analysi$e alternatives are summarized in Table 4.3-1

and are ranked in descending order according toeffectiveness in PM control.

TABLE 4.3-1 — Feasible PM Control Technologies Iden

tified for BART Analysis

Control Technology Unit 1 Unit 2
Fabric Filter or Baghouse 0.015 0.015
COHPAC Baghouse 0.015 0.015
New Electrostatic Precipitator 0.015 0.015
Existing Electrostatic Precipitator 0.030 0.030
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4.4 EVALUATION OF IMPACTS FOR FEASIBLE PM CONTROLS - UNIT 1

Step four in the BART analysis procedure is thedot@nalysis. The BART Determination
Guidelines (70 FR 39166) lists four factors to basidered in the impact analysis.

» The costs of compliance;

* Energy impacts;

* Non-air quality environmental impacts; and

» The remaining useful life of the source.

Three of the four impacts required by the BART lirtks are discussed in the following sections.
The remaining useful life of the source was deteedito be greater than the project life definifion
the EPA’'s OAQPS Control Cost Manual (EPA/453/B-@8-Pand thus had no impact on the BART
determination for MRYS. In addition, as descrilbi@&ection 1.4, the visibility impairment impact of

each alternative was evaluated as part of the itgadysis.

44.1 COST ESTIMATES

Cost estimates for the PM control technologies werapleted utilizing the Coal Utility
Environmental Cost (CUECost) computer model (Verdid) available from the U.S. Environmental
Protection Agency and engineering estimates baged Burns & McDonnell’s in-house experience.
The CUECost model is a spreadsheet-based compuotil tihat was specifically developed to
estimate the cost of air pollution control techmgids for utility power plants within +/- 30 percent
accuracy. The EPA released the version of the meshel for this study in February 2000. The
model is available for download from the U.S. EP&bsite at www.epa.gov/ttn/catc/products.
Operating information utilized as input into thedebfor the purpose of cost estimating is presented
in Appendix C. Economic information utilized apin into the model is given in Table 1.2-1. The
cost estimates for a PM control alternatives arersarized in Table 4.4-1. A Net Present Value
(NPV) and Levelized Total Annual Cost (LTAC) weradaulated for the each alternative utilizing the

costs summarized in Table 4.4-1.
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TABLE 4.4-1 — Cost Estimates for Unit 1 PM Control  Alternatives

EXISTING
FF COHPAC! | NEW ESP ESP
Capital Costs
Direct Costs| $21,133,000] $13,684,000 $23,112,000 $0
Indirect Costd $8,453,000| $5,474,000  $9,245,040 $0
Total Capital Costs| $29,856,000] $19,158,00p0 $32,357,000 $0

O&M Costs
Includes Maintenance Costs, Power Costs, and Replacemen{iCasyg
Total O&M Costs | $2,166,000| $1,571,000 $1,459,040  $1,459,0p0

Net Present Value (NPV) $52,232,000 $35,862,0p0  $46,008,] $17,667,000

Levelized Total Annual Cost (LTAC) $5,284,000 $3,63200 $4,643,000 $1,822,000
1. COHPAC costs are scaled down to represent a sifattic filter with a flue gas to cloth ratio of SCFM/ft2.
2. Costs associated with the operation of the exidfi8§ are assumed equal to the operating costsian&ESP.

The next step in the analysis for the BART altexastis to review the unit control cost and
incremental cost effectiveness of the remainingades. Table 4.4-2 contains a repetition of the
cost information from Table 4.4-1.

Because Unit 1 has existing PM control, the histhighest 24-month rolling average represents a
controlled emission rate. Thus, the baseline driona of PM for Unit 1 in this BART analysis are
calculated as the pre-controlled emissions fromdifignite fuel with an ash content of 9.6% at a
heat input of 2,955 mmBtu/hr with the unit opergtat 85% capacity. Using the conservative
approach that 50% of the ash is emitted as flyaagsh50% of the ash becomes bottom ash; the
resulting uncontrolled emissions are approximad@y.00 tons per year. The controlled emissions
assumed application of the respective removaliefiy to the baseline emission rate with the same
input conditions and unit operating time. The airans of PM reduction for Unit 1 are calculated
as the difference between the protocol emissioddtzan controlled emissions associated to the

respective removal efficiency.
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TABLE 4.4-2 — Incremental Cost Effectiveness of Uni  t 1 PM BART Control

Alternatives
Actual
Levelized Annual Unit Incremental
Total Emission Control Cost
BART Annual Reduction Cost Effectiveness
Alternative Cost! (tpy) ($/ton) ($/ton)
Fabric Filter or
Baghouse $5,284,000 61 $86,600 $56,800
New Electrostatic
Precipitator $4,643,000 61 $76,100 $46,20(
COHPAC Baghouse| $3,632,000 61 $59,500 $29,700
Existing Electrostatic
Precipitator $1,822,000 Baseline Baseling Baseline

1. For LTAC calculation, Capital Recovery Factor = 0.08718 @&M Levelization Factor = 1. 24873.
2. Overall control cost is LTAC divided by actual annual eroissireduction of each alternative.

The Levelized Total Annual Cost and Unit ControlsCare used to evaluate the technology
alternatives on a cost effectiveness basis. Adesseen from a review of Table 4.4-1 and 4.4, th
fabric filter alternative is in the middle range frapital cost but has the highest levelized tatadual

cost and net present value.

In the BART Determination guidelines, EPA does mmivide definition, or even discussion of
reasonable, or unreasonable, Unit Control Cositsilédly, EPA does not address reasonable or
unreasonable ranges for the incremental cost efégwtss. The incremental cost effectiveness is a
marginal cost effectiveness between two speciteraatives. Alternatively, the incremental cost
effectiveness analysis identifies the rate of cleanfgcost effectiveness with respect to removal
benefits between successively less effective ateres. Because all the alternatives requiring new
equipment for Unit 1 have the same removal ratejribremental cost effectiveness is not effective
for ranking the different technologies. Howevée incremental cost is calculated for comparison
between the existing ESP alternative and the athwetrol options. The incremental cost
effectiveness for each new control alternative®dhle 4.4-2 is above the range of reasonable costs
used in other regulatory analyses and indicatdsetieh new technology is prohibitively expensive.
However, due to the lack of guidance on reasonadsts, the visibility analysis is conducted to

determine if the additional controls are necestargduce visibility impacts.
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4.4.2 PM VISIBLITY IMPAIRMENT IMPACTS ANALYSIS-UN IT 1

The remaining step for the Unit 1 BART PM analys@s to conduct a visibility improvement
determination. The modeling for Unit 1 uses two EiMission rates that distinguish between coarse
and fine particulate as a basis for the visibiliypairment impacts. One baseline emission rate
representing the NDDH Modeling Protocol values @f73b PM:oaséhr and 5.5 Ib PM.J/hr was
modeled. The protocol rate was based upon maxi@ddHmour emission rates from the 2000-2002
modeling period. However, as discussed in Sedtibrb, the protocol emission rates are based upon
actual maximum historical 24-hour emissions thatrast representative of future maximum 24-hour
emissions. After obtaining approval from NDDH teewalternative emission rates based upon
representative stack conditions, Minnkota basegtst-control emission rates upon application of

CD specified rates applied to a more representati@mum heat input of 2,955 mmBtu/hr.

The Consent Decree requires MRYS to maintain orageythe PM controls on Unit 1 to achieve an
emission rate of 0.015 Ib PM/mmBtu if a dry FGD qass is selected for $©ontrol or 0.030 Ib
PM/mmBtu if a wet FGD process is selected. A detdagngineering evaluation is required to
determine if the existing ESP can achieve an eamgssite of 0.015 Ib PM/mmBtu for an extended
period of time and that evaluation is outside &g of this analysis. For the purposes of thisnte

it is assumed that the existing equipment will ble a0 meet the 0.030 Ib PM/mmBtu emission rate
specified by the CD. Post-control rates of 38.82Mc.aséhr and 5.8 Ib PM.J/hr were calculated and
modeled based upon the CD emission rate of 0.0P8bnmBtu and post-control rates of 77.1 Ib
PMcoarsénr and 11.6 Ib PM.J/hr were calculated and modeled based upon ther@iBs®n rate of
0.030 Ib PM/mmBtu.

Visibility impairment impact modeling was performasding the CALPUFF model with the
difference between the impacts from protocol basedind post-control hourly emission rates
representing the visibility impairment impact retioie for MRYS Unit 1. The post-control
CALPUFF model scenarios for MRYS Unit 1 were cortddowith the protocol NQand SQ
emission rates and the post-control PM emissiasras discussed previously in this section and in
Table 1.5-1.

The results of the visibility impairment modelingthe protocol baseline PM emission rate for
MRYS Unit 1 showed that three of the Class 1 aheabka visibility impairment impact above the
0.50 dV threshold level for discernable impactg twantribute to visibility impairment. The visilii
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modeling results for both post-control PM emisgiates showed a reduction in visibility impairment
impact for all Class 1 areas. In addition, the ated visibility impairment impact for two of the
Class 1 areas at both post-control PM emissios raées below the 0.50 dV threshold level. The
TRNP — North and Lostwood Class 1 areas had a rddeibility impairment impact above the

0.50 dV threshold level. The modeling results@esented in Table 4.4-3.

Table 4.4-3 — PM Visibility Impairment Impacts and  Reductions, MRYS Unit 1

Visibility Impairment Impacts * Visibility Impairment Reduction
(deciView) (deciView)
Federal Class 1 Protocol Post-Control Emission$ Post-Control Emission$
Area Emissions | 0.030 and 0.015 Emission Rates$ 0.030 and 0.015 Emission Rate$

TRNP-South Unit 0.549 0.466 0.465 0.083 0.084
TRNP-North Unit 0.628 0.503 0.500 0.125 0.128
TRNP-Elkhorn 0.374 0.328 0.328 0.046 0.046
Ranch
Lostwood NWR 0.750 0.591 0.587 0.159 0.163

1- Average 90 percentile predicted visibility impairment impaetrsus background visibility. A summary of the
modeling scenarios is provided in Table 1.5-1 drdnhodeling results are presented in Appendix A.

2 - PM emissions corresponding to the 0.030 a@#i®Ib/mmBtu rates specified in the CD. This sgenassumes
protocol emission rates for NG@nd SQ.

The number of days predicted to have visibility @mment due to MRYS Unit 1 emissions that were
greater than 0.50 and 1.00 deciViews at any recépt Class 1 area were determined by the
visibility model for the protocol and post-contehission rates. The results are presented in
Appendix A. The number of days predicted to hasgéility impairment greater than 0.50 and 1.00
deciViews at any receptor in a Class 1 area betwestncol and post-control PM emission rates
were reduced in all cases. The number of consecdays exceeding 0.50 dV of impact was either

the same or was reduced.

4.5 EVALUATION OF IMPACTS FOR FEASIBLE PM CONTROLS — UNIT 2

Step four in the BART analysis procedure is thedot@nalysis. The BART Determination
Guidelines (70 FR 39166) lists four factors to basidered in the impact analysis.

* The costs of compliance;

* Energy impacts;

* Non-air quality environmental impacts; and

* The remaining useful life of the source.
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Three of the four impacts required by the BART lirtks are discussed in the following sections.
The remaining useful life of the source was detagdito be greater than the project life definition

the EPA’s OAQPS Control Cost Manual (EPA/453/B-@3:-pand thus had no impact on the BART
determination for MRYS. In addition, as descrilie&ection 1.4, the visibility impairment impact of

each alternative was evaluated as part of the ingadysis.

45.1 COST ESTIMATES

Cost estimates for the PM control technologies werapleted utilizing the Coal Utility
Environmental Cost (CUECost) computer model (Verdid) available from the U.S. Environmental
Protection Agency and engineering estimates based Burns & McDonnell's in-house experience.
The CUECost model is a spreadsheet-based compatil tihat was specifically developed to
estimate the cost of air pollution control techrmgidés for utility power plants within +/- 30 percent
accuracy. The EPA released the version of the mabal for this study in February 2000. The
model is available for download from the U.S. EPAbsite at www.epa.gov/ttn/catc/products.
Operating information utilized as input into the debfor the purpose of cost estimating is presented
in Appendix C. Economic information utilized apin into the model is given in Table 1.2-1. The
cost estimates for a PM control alternatives arersarized in Table 4.5-1. A Net Present Value
(NPV) and Levelized Total Annual Cost (LTAC) wer@aulated for the each alternative utilizing the

costs summarized in Table 4.5-1.

TABLE 4.5-1 — Cost Estimates for Unit 2 PM Control  Alternatives

EXISTING
FF COHPAC! | NEW ESP ESP
Capital Costs
Direct Costs| $31,774,000] $20,445,00p $37,251,000 $0
Indirect Costy $12,710,000f $8,178,00( $14,900,0P0 $0
Total Capital Costs| $44,484,000] $28,623,000 $52,151,000 $0

O&M Costs
Includes Maintenance Costs, Power Costs, and Replacemest(iCastly)
Total O&M Costs | $3,500,000| $2,552,000 $2,381,040  $2,381,0p0

Net Present Value (NPV) $81,479,000 $56,059,0p0 $74,667,] $28,832,000

Levelized Total Annual Cost (LTAC) $8,249,000 $5,68200 $7,520,000 $2,973,000
1. COHPAC costs are scaled down to representitasifabric filter with a flue gas to cloth ratid 6 ACFM/ft*.
2. Costs associated with the operation of thetiagi€SP are assumed equal to the operating cmrsésrfew ESP.

Burns & McDonnell 4-8 Minnkota Power Cooperative, Inc.



Milton R. Young Station PM Evaluation
BART Determination Study

The next step in the analysis for the BART altaxeatis to review the unit control cost and
incremental cost effectiveness of the remainingiades. Table 4.5-2 contains a repetition of the

cost information from Table 4.5-1.

Because Unit 2 has existing PM control, the histbighest 24-month rolling average represents a
controlled emission rate. Thus, the baseline drona of PM for Unit 2 in this BART analysis are
calculated as the pre-controlled emissions froingitignite fuel with an ash content of 9.6% at a
heat input of 5,158 mmBtu/hr with the unit opergtat 85% capacity. Using the conservative
approach that 50% of the ash is emitted as flyaash50% of the ash becomes bottom ash; the
resulting uncontrolled emissions are approximab@yL00 tons per year. The controlled emissions
assumed application of the respective removalieffiry to the baseline emission rate with the same
input conditions and unit operating time. The airians of PM reduction for Unit 2 are calculated
as the difference between the protocol emissiodgtzen controlled emissions associated to the

respective removal efficiency.

TABLE 4.5-2 — Incremental Cost Effectiveness of Uni  t 2 PM BART Control

Alternatives
Actual
Levelized Annual Unit Incremental
Total Emission Control Cost
BART Annual Reduction Cost Effectiveness
Alternative Cost* (tpy) ($/ton)? ($/ton)
Fabric Filter or
Baghouse $8,249,000 602 $13,700 $8,700
New Electrostatic
Precipitator $7,520,000 602 $12,500 $7,600
COHPAC Baghouse $5,682,000 602 $9,400 $4,50
Existing Electrostatic :L
Precipitator $2,973,000 Baseline Baseling Baseli

1. For LTAC calculation, Capital Recovery Factor = 0.08718 @&M Levelization Factor = 1. 24873.
2. Overall control cost is LTAC divided by actual annual emissireduction of each alternative.

The Levelized Total Annual Cost and Unit ControlsCare used to evaluate the technology
alternatives on a cost effectiveness basis. Adeaseen from a review of Table 4.5-1 and 4.5, th
fabric filter alternative is in the middle range frapital cost but has the highest levelized tatadual

cost and net present value.

In the BART Determination guidelines, EPA does mrmtvide definition, or even discussion of

reasonable, or unreasonable, Unit Control Cositsilédly, EPA does not address reasonable or
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unreasonable ranges for the incremental cost efégwtss. The incremental cost effectiveness is a
marginal cost effectiveness between two speciferahtives. Alternatively, the incremental cost
effectiveness analysis identifies the rate of cleamigcost effectiveness with respect to removal
benefits between successively less effective ateres. Because all the alternatives requiring new
equipment for Unit 2 have the same removal ratejribremental cost effectiveness is not effective
for ranking the different technologies. Howevée incremental cost is calculated for comparison
between the existing ESP alternative and the aitwetrol options. The incremental cost
effectiveness for each new control alternativegadhle 4.5-2 is above the range of reasonable costs
used in other regulatory analyses and indicatasetizh new technology is prohibitively expensive.
However, due to the lack of guidance on reasonadsts, the visibility analysis is conducted to

determine if the additional controls are necessangduce visibility impacts.

4.5.2 PM VISIBLITY IMPAIRMENT IMPACTS ANALYSIS —UN IT 2

The remaining step for the Unit 2 BART PM analysess to conduct a visibility improvement
determination. The modeling for Unit 2 uses two EiMission rates that distinguish between coarse
and fine particulate as a basis for the visibilitypairment impacts. One baseline emission rate
representing the NDDH Modeling Protocol values 8.7 Ib PMaséhr and 28.1 Ib P, J/hr was
modeled. The protocol rate was based upon maxi@dd#mour emission rates from the 2000-2002
modeling period. However, as discussed in Sedtibrd, the protocol emission rates are based upon
actual maximum historical 24-hour emissions thatrast representative of future maximum 24-hour
emissions. After obtaining approval from NDDH tgewalternative emission rates based upon
representative stack conditions, Minnkota basegtst-control emission rates upon application of

CD specified rates applied to a more representatemum heat input of 5,158 mmBtu/hr.

The Consent Decree requires MRYS to maintain oragethe PM controls on Unit 2 to achieve an
emission rate of 0.030 Ib PM/mmBtu. To achievesamssion rate greater than the 0.030 Ib
PM/mmBtu for an extended period of time may reqtheesuse of new control technology and would
require a detailed engineering determination thatitside the scope of this analysis. For the
purposes of this analysis, it is assumed thatxistieg equipment will be able to meet the 0.030 Ib
PM/mmBtu emission rate specified by the CD. Pasttol rates of 133.7 Ib PMaséhr and 21.0 Ib
PMgindhr were calculated and modeled based upon theriBsmn rate of 0.030 Ib PM/mmBtu. No

other PM emission rates were modeled based upamrsidis of the cost analysis.
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Visibility impairment impact modeling was performading the CALPUFF model with the
difference between the impacts from protocol basedind post-control hourly emission rates
representing the visibility impairment impact retioie for MRYS Unit 2. The post-control
CALPUFF model scenario for MRYS Unit 2 was conddoteth the protocol N@ and SQ emission

rates and the post-control PM emission rate asisisstl previously in this section and in Table 1.5-1

The results of the visibility impairment modelingthe protocol baseline PM emission rate for
MRYS Unit 2 showed that three of the Class 1 aheaka visibility impairment impact above the
0.50 dV threshold level for discernable impacts dwantribute to visibility impairment. The visiii
modeling results for the post-control PM emissiate rshowed a reduction in visibility impairment

impact for all Class 1 areas. The modeling resukspresented in Table 4.5-3.

Table 4.5-3 — PM Visibility Impairment Impacts and  Reductions, MRYS Unit 2

Visibility Impairment Impacts *
(deciView)
Federal Class 1 Post-Control Visibility Impairment Reduction
Area Protocol Emissions Emissiong (deciView)

TRNP-South Unit 0.580 0.563 0.017
TRNP-North Unit 0.619 0.570 0.049
TRNP-Elkhorn 0.360 0.345 0.015
Ranch

Lostwood NWR 0.775 0.739 0.036

1- Average 9B percentile predicted visibility impairment impa&trsus background visibility. A summary of the
modeling scenarios is provided in Table 1.5-1 dxedrbodeling results are presented in Appendix A.

2 - PM emissions corresponding to the 0.030 IbBtunspecified in the CD. This scenario assume®pod emission rates
for NOyx and SQ.

The number of days predicted to have visibility amment due to MRYS Unit 2 emissions that were
greater than 0.50 and 1.00 deciViews at any recapi Class 1 area were determined by the
visibility model for the protocol emission rateghe results were summarized and presented in Table
4.5-4. Similarly, the same information for the posntrol PM emission rates was summarized and is
shown in Table 4.5-4. The number of days predittdiave visibility impairment greater than 0.50
and 1.00 deciViews at any receptor in a Class 4 laetéween protocol and post-control PM emission
rates were reduced in the majority of cases. TRRH — South Class 1 area in 2001 and 2002 each
had one additional day with a visibility impairmempact exceeding 0.50 dV. The number of

consecutive days exceeding 0.50 dV of impact wiieethe same or was reduced.

The magnitude of predicted visibility impairmendamumber of days predicted to have visibility

impairment greater than 0.50 and 1.00 deciVievangtreceptor in a Class 1 area varied significantly
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between years and Class 1 areas, for Unit 2. RMPI— South Class 1 area in 2001 and 2002 each
had a impact increase of one day in terms of dagsezling 0.50 dV. The approximate visibility
impact increase for 2001 was 4% and for 2002 was ZBe impact reduction in terms of days
exceeding 0.50 dV varies from approximately 0% urtiple areas and years to approximately 14%
for TRNP — North in 2001. The impact reductioriéerms of days exceeding 1.00 dV varies from
approximately 0% in multiple areas and years ta@dmately 13% for Lostwood NWR in 2000.

There are several plausible explanations for areage in the number of days with a visibility
impairment impact exceeding 0.50 dV for TRNP — &dnt2001 and 2002. One possible cause
could be the reduced exit velocity that was duantdncrease in stack diameter and an increased flow
rate caused by scrubbing of all of the flue gaecdise the modeling results presented in Tabl8 4.5-
showed a reduction in visibility impairment impafas all Class 1 areas, additional research was not

conducted to determine the cause of the increase.
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PM Evaluation

Table 4.5-4 — Visibility Impairment Improvements —

MRYS Unit 2 PM Scenarios

Consecutive | Consecutive | Consecutive
Days Days Days’ Days’ Days’ Days’ Days’ Days’ Days’
Exceeding| Exceeding] Exceeding| Exceeding| Exceeding| Exceeding| Exceeding Exceeding Exceeding
Class 1 PM Control 05dvin | 05dvin | 05dvVin | 1.0dVin | 1.0dVin | 1.0dVin 0.5dv 0.5dv 0.5dVv
Area Technigue 2000 2001 2002 2000 2001 2002 2000 2001 2002
TRNP Protocol 41 28 51 18 14 27 3 3 4
South
Maintain ESP 37 29 52 16 13 27 3 3 4
TRNP Protocol 32 43 47 18 21 29 2 4 4
North
Maintain ESP 29 37 45 18 21 29 2 4 4
TRNP Protocol 31 23 36 11 14 20 2 3 4
Elkhorn
Maintain ESP 29 23 36 11 13 19 2 3 4
Lostwood
NWR Protocol 52 51 48 30 31 25 3 3 5

1 - Predicted visibility impairment impacts {9percentile) for 2000-2002 for protocol and posttcol PM emission levels.
2 - Number of days for predicted visibility impaiemt impacts provided in Appendix A.
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5.0 BART RECOMMENDATIONS

This report presents the analysis of control tethgies for each of three major pollutants (nitrogen
oxides (NQ), sulfur dioxide (S@), and particulate matter (PM)) for Minnkota Povg&operative
Inc.’s (Minnkota’s) Milton R. Young Station (MRY3)nits 1 and 2. The final result of this analysis
is a recommendation of the Best Achievable Retiaithnology (BART) for each unit based upon
“the costs of compliance, the energy and non-atityuenvironmental impacts of compliance, any
pollution control equipment in use at the sourbe,remaining useful life of the source, and the
degree of improvement in visibility which may reaably be anticipated to result from the use of
such technology” (70 FR 39163). The presented ®arigates in this section are the BART

recommendation.

As stated previously in Section 1.3.2, this repe#ds the requirements of the Consent Decree (CD)
and associated NCBACT analysis as part of the analysis. Althougtitld and Unit 2 at MRYS are
BART-eligible, the CD also requires that the NDDs$tablish BACT for NQ control. With the
specification to establish BACT for NOthe BART analysis was modified to replace thstfiour
BART evaluation steps with the NABACT analysis. The first four steps of BART asually used

to identify technologies, determine feasibility aauhluate cost, energy, non-air quality and useful
life impacts. Because a BACT analysis resulthendelection of the best available control
technology, the visibility impacts evaluation i€ tbnly remaining step in the determination thattmus
be performed to satisfy BART for NO The MRYS NQ BACT analysis study reports and
additional support documents were submitted taNB®H on October 6, 2006, March 19, and April
23, 2007 respectively. In addition, becausedBealso requires a minimum level of control for
both SQ and PM, this analysis evaluates the visibility &nment impacts of the BACT-level control
technologies specified for 3@nd PM in the CD and control technologies thatercthe specified
level of control. The BART analysis does not rewtechnologies that do not achieve the minimum

level of control specified in the CD.

5.1 UNIT 1 BART RECOMMENDATIONS

As stated in previous sections of the report, tepssof the technology evaluation provided in the

BART Determination Guidelines were completed foiitn Each pollutant required a different
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approach in order to determine BART. This secpowvides a brief description of the approach used

for each pollutant and summarizes the results fat U

The Consent Decree required a,NBACT analysis. Because a BACT analysis resulthén
selection of the best available the control techgy| the visibility impacts evaluation is the only
remaining step in the determination that must béopmed to satisfy BART for NQ According to
the BACT analysis, Selective Non-Catalytic Redut{{iNCR) post-combustion technology used in
conjunction with Advanced Separated Overfire AiS@AFA) was considered the best available
technology and therefore was evaluated as BARUfor 1. The results of the visibility impact
analysis for this combination of NQontrol technologies demonstrate a visibility innpeent

impacts reduction in all Class 1 areas to levelevbéhe discernable 0.5 dV threshold levels. Based
upon the BACT analysis and the visibility impacabsis, SNCR in conjunction with ASOFA is

recommended as BART for N@missions.

For SQ emissions, the CD requires MRYS to install eithelry FGD process at 90% control or a

wet FGD process at 95% control. Thus, both ofdheshnologies were evaluated. The Powerspan
Electro-Catalytic Oxidation (ECO™) system would miget CD requirements but was determined
infeasible because it is not commercially provea fll scale unit. The cost analysis for Unit 1
resulted in wet FGD technology being the most effsictive alternative due to its lower levelized

total annual cost and higher control efficiencyheenergy and non-air quality impacts for dry and
wet FGD were similar in quantity and nature andsidered negligible in differentiating between the
two technologies. The visibility impairment impsiébr both dry and wet FGD were reduced to

levels below the discernable 0.5 dV threshold kev@ased upon the impact analyses, the technology

recommended as BART for $@missions is the wet FGD process.

The Consent Decree requires MRYS to maintain orageythe PM controls on Unit 1 to achieve an
emission rate of 0.015 Ib PM/mmBtu if a dry FGD gass is selected for $©ontrol or 0.030 Ib
PM/mmBtu if a wet FGD process is selected. Botlssion rates were evaluated as part of this
analysis. Based solely on the cost estimates®tnit 1 PM control alternatives, the options
requiring new equipment would be eliminated froma #malysis due to their excessive expense.
However, because the BART guidelines do not prosgidpecific value associated with eliminating
individual control alternatives, visibility impactgere evaluated to verify the necessity of the more

restrictive PM emission rate. The visibility impamalysis indicates that either evaluated emission

Burns & McDonnell 5-2 Minnkota Power Cooperative, Inc.



Milton R. Young Station BART Recommendations
BART Determination Study

rate reduces visibility impairment in the Classdas. The maximum additional improvement in
visibility impairment impact provided by the mortgisgent emission rate is less than 1% of the 0.50
dV threshold level for discernable impacts thattabnte to visibility impairment. Thus, based upon
the cost and visibility impact analyses, the te¢ébgy recommended as BART for PM emissions is

maintaining the existing ESP.

Table 5.1-1 summarizes the control technologiesaasdciated emission rates that are recommended
as BART for each pollutant. The recommended BARilssion rates are presented as a 30-day

rolling average to account for variations in boigeration, fuel sulfur content and fly ash projestt

Table 5.1-1 — Recommended BART 30-Day Rolling Avera ge, MRYS Unit 1

Emission Rate
Pollutant Control Technology (Ib/million Btu)
Advanced Separated Over Fire Air (ASOFA) and

NOx ) : . 0.36*
Selective Non-Catalytic Reduction (SNCR)

SO, Wet Flue Gas Desulfurization (FGD) Process 0.15

PM Maintain Existing Electrostatic Precipitator (ESP) 0.030

* Excludes startups. See referenced BACT anafgsia detailed discussion.

The pollutant specific modeling results for MRY Situhdescribed previously in the analysis
represent the visibility impairment impact reduntattributable to a technology used to control an
individual pollutant of concern. While this ressitpports an individual technology in terms of
visibility impact reduction, the result is not repentative of actual plant-wide operations.
Application of the BART-recommended technologie8l misult in simultaneous control of all
pollutants. Thus, a comparison of the visibilitypairment reduction due to reducing the protocol
emission rates to post-control emission rateslfggadlutants on Unit 1 simultaneously is more
representative of actual expected results. A nioglaicenario was run to determine the visibility
impairment impact reduction resulting from simuéans application of all control technologies to

Unit 1 and the results are presented in Table 5.1-2
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Table 5.1-2 — Visibility Impairment Impacts for Con  trol of all Pollutants,

MRYS Unit 1
Visibility Impairment Impacts *
(deciView)
Federal Class 1 Areal Protocol Emissions| Post-Control Emissions| Visibility Impairment Reduction
TRNP-South Unit 0.549 0.077 0.472
TRNP-North Unit 0.628 0.075 0.553
TRNP-Elkhorn RancH 0.374 0.050 0.324
Lostwood NWR 0.750 0.112 0.638

1- Average 90 percentile predicted visibility impairment impact versus bemlagd visibility. A summary of
the modeling scenarios is provided in Table 1.5-1 andhtieling results are presented in Appendix A.

The simultaneous control of all pollutants for MRY&it 1 results in visibility impairment impacts
that are less than one fourth of the thresholdEtRA designates as contributing to visibility
impairment. These modeling results provide add&isupport for proposing the control

technologies recommended in this report for NSO, and PM emissions as BART.

5.2 UNIT 2 BART RECOMMENDATIONS

As stated in previous sections of the report, tapssof the technology evaluation provided in the
BART Determination Guidelines were completed foiittZn Each pollutant required a different
approach in order to determine BART. This secpomvides a brief description of the approach used

for each pollutant and summarizes the results fat 2l

As stated previously in the report, the Consentr@acequired a NOBACT analysis. Because a
BACT analysis results in the selection of the laastilable the control technology, the visibility
impacts evaluation is the only remaining step endbtermination that must be performed to satisfy
BART for NOx. According to the BACT analysis, Selective Nortagic Reduction (SNCR) post-
combustion technology used in conjunction with Auved Separated Overfire Air (ASOFA) was
considered the best available technology and thexefas evaluated as BART for Unit 2. The
results of the visibility impact analysis for tiiembination of NQ control technologies demonstrate
a visibility impairment impacts reduction for threethe Class 1 areas to levels below the discéenab
0.5 dV threshold levels. The Lostwood NWR Classda had a modeled visibility impairment
impact of 0.543 dV. Based upon the BACT analyais the visibility impact analysis, SNCR in

conjunction with ASOFA is recommended as BART fad,\emissions.
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BART Determination Study

For SQ emissions, the CD requires MRYS to modify the exgswet FGD system on Unit 2 to
achieve a removal efficiency of at least 90%. Miodtions to the existing wet FGD at 90% control
were evaluated as the minimum level of controlB&RT. In addition, because some wet FGD
systems are capable of achieving 95% removal eff@yi, modifications required to achieve 95%
control were also evaluated for the wet FGD procddse Powerspan Electro-Catalytic Oxidation
(ECO™) system would meet the CD requirements butdetsrmined infeasible because it is not
commercially proven in a full scale unit. The casalysis for Unit 2 resulted in 90% control wet
FGD technology being the most cost effective aligue due to its lower levelized total annual cost.
The energy and non-air quality impacts for both R@D control levels were similar in quantity and
nature and considered negligible in differentiatiegween the two technologies. The visibility
impairment impacts for 90% and 95% wet FGD processsre reduced to levels below the

discernable 0.5 dV threshold levels.

Because this is an evaluation of the same techypabdifferent control levels, the evaluated imgact
are relatively similar. Thus, an additional partanevas evaluated to determine which control level
should be recommended as BART. The levelized totalial cost (LTAC) and the average visibility
impact reduction for the 4 areas were combinedtain dollars per deciView of improvement. The
difference between LTAC is $795,000. The averatferdnce in visibility impact reduction is 0.082
dV. Thus, the cost for the additional impact redhrcis approximately $9,700,000 per deciView of
improvement. The cost to achieve relatively littisibility improvement is exceedingly high because
either control level already improves visibility fraict to below the discernable threshold levels.
Based upon the impact analyses, the technologymeemded as BART for S@missions is the wet

FGD process at 90% removal efficiency.

The Consent Decree requires MRYS to maintain orageythe PM controls on Unit 2 to achieve an
emission rate of 0.030 Ib PM/mmBtu. Control tedbgees meeting this emission rate and a more
stringent emission rate of 0.015 Ib PM/mmBtu wereleated as part of this analysis. Based solely
on the cost estimates for the Unit 2 PM contra@dralhtives, the options requiring new equipment
would be eliminated from the analysis due to te&iessive expense. However, because the BART
guidelines do not provide a specific value assediatith eliminating individual control alternatives
visibility impacts were evaluated to verify the eesity of more restrictive PM controls. The
visibility impact analysis indicates that an emigsrate of 0.030 Ib PM/mmBtu reduces visibility
impairment in the Class 1 areas. Thus, based thgoimcremental cost and visibility impact

analyses, the technology recommended as BART foeRiidsions is maintaining the existing ESP.
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Table 5.2-1 summarizes the control technologiesamsdciated emission rates that are recommended
as BART for each pollutant. The recommended BARilssion rates are presented as a 30-day

rolling average to account for variations in boigeration, fuel sulfur content and fly ash projestt

Table 5.2-1 — Recommended BART 30-Day Rolling Avera ge, MRYS Unit 2

Emission Rate
Pollutant Control Technology (Ib/million Btu)
Advanced Separated Over Fire Air (ASOFA) and

*
NOx Selective Non-Catalytic Reduction (SNCR) 0.35
SO, Upgrade of Existing Wet Flue Gas Desulfurization (FG@cEss 0.30
PM Maintain Existing Electrostatic Precipitator (ESP) 0.030

* Excludes startups. See referenced BACT anafgsia detailed discussion.

The pollutant specific modeling results for MRY Sitih described previously in this analysis
represent the visibility impairment impact reduntattributable to a technology used to control an
individual pollutant of concern. While this resaitpports an individual technology in terms of
visibility impact reduction, the result is not repentative of actual plant-wide operations.
Application of the BART recommended technologieb seisult in simultaneous control of all
pollutants. Thus, a comparison of the visibiliypairment reduction due to reducing the protocol
emission rates to post-control emission rateslfgradiutants simultaneously is more representative
of actual expected results. A modeling scenarie ma to determine the visibility impairment
impact reduction resulting from simultaneous atian of all control technologies and the results

are presented in Table 5.2-2.

Table 5.2-2 — Visibility Impairment Impacts for Con  trol of all Pollutants,

MRYS Unit 2
Visibility Impairment Impacts *
(deciView)
Federal Class 1 Areal Protocol Emissions| Post-Control Emissions| Visibility Impairment Reduction
TRNP-South Unit 0.580 0.173 0.407
TRNP-North Unit 0.619 0.169 0.450
TRNP-EIkhorn Ranch 0.360 0.104 0.256
Lostwood NWR 0.775 0.243 0.532

1- Average 90 percentile predicted visibility impairment impact versus bemligd visibility. A summary of
the modeling scenarios is provided in Table 1.5-1 andhtieling results are presented in Appendix A.

The simultaneous control of all pollutants for MRYS it 2 results in visibility impairment impacts

that are less than one half of the threshold th& @&signates as contributing to visibility impaimbe
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These modeling results provide additional suppmrpfoposing the control technologies
recommended as BACT for N@missions and those recommended foy &@ PM emissions as
BART.

In addition to the visibility impairment impact melthg scenario conducted to determine the effects
of simultaneous control of all pollutants for tmelividual units, another modeling scenario was
conducted to combine the effects of both unitse odeling showed that the visibility impairment
impact for all Class 1 areas was reduced to behavitreshold the EPA designates as contributing to

visibility impairment. Results of this scenarialfeled Run 5) are provided in Appendix A.
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Emission Parameters for Minnkota Power Cooperative

BART Modeling Analysis

Milton R. Young Unit 1 & Unit 2

Scenario/ Stack Height Stack Diameter Exit Velocity Exit Temperature Emission Rate (Ibs/hr)
Unit Number Feet Meters Feet Meters feet/sec meters/sec F K SO, NOx PM Fine | PM Coarse
Precontrol
Unit 1 299.8 91.4 19.0 5.8 60.7 18.5 349.0 449.1 7231.2 2855.2 5.5 36.7
Unit 2 549.7 167.6 24.9 7.6 63.0 19.2 191.8 361.8 6879.0 5364.2 28.1 178.7
Run 1
Unit 1 549.7 167.6 23.6 7.2 59.0 18.0 349.0 449.1 7231.2 1070.7 0.0 0.0
Unit 2 549.7 167.6 30.8 9.4 59.0 18.0 191.8 361.8 6879.0 2011.6 0.0 0.0
Unitlpm 549.7 167.6 23.6 7.2 59.0 18.0 349.0 449.1 0.0 0.0 5.5 36.7
Unit2pm 549.7 167.6 30.8 9.4 59.0 18.0 191.8 361.8 0.0 0.0 28.1 178.7
Run 2
Unit1 A 549.7 167.6 23.6 7.2 54.8 16.7 174.2 352.0 723.1 2855.2 0.0 0.0
Unit 1 B 549.7 167.6 21.6 6.6 55.0 16.8 144.3 335.4 361.6 2855.2 0.0 0.0
Unit 2 A 549.7 167.6 30.8 9.4 54.8 16.7 144.3 335.4 1574.4 5364.2 0.0 0.0
Unit2 B 549.7 167.6 30.8 9.4 55.0 16.8 144.3 335.4 773.7 5364.2 0.0 0.0
Unitlpm 549.7 167.6 23.6 7.2 54.8 16.7 174.2 352.0 0.0 0.0 5.5 36.7
Unit2pm 549.7 167.6 30.8 9.4 54.8 16.7 144.3 335.4 0.0 0.0 28.1 178.7
Run 3
Unit 1 549.7 167.6 23.6 7.2 59.0 18.0 349.0 449.1 7231.2 2855.2 0.0 0.0
Unit 2 549.7 167.6 30.8 9.4 59.0 18.0 191.8 361.8 6879.0 5364.2 0.0 0.0
Unitlpm A 549.7 167.6 23.6 7.2 59.0 18.0 349.0 449.1 0.0 0.0 5.8 38.5
Unitlpm B 549.7 167.6 21.8 6.6 68.7 20.9 349.0 449.1 0.0 0.0 11.55 77.08
Unit2pm 549.7 167.6 30.8 9.4 59.0 18.0 191.8 361.8 0.0 0.0 21.0 133.7
Run 4
Unit 1 549.7 167.6 23.6 7.2 54.8 16.7 174.2 352.0 723.1 1070.7 0.0 0.0
Unit 2 549.7 167.6 30.8 9.4 54.8 16.7 144.3 335.4 1574.0 2011.6 0.0 0.0
Unitlpm 549.7 167.6 23.6 7.2 54.8 16.7 174.2 352.0 0.0 0.0 11.6 77.1
Unit2pm 549.7 167.6 30.8 9.4 54.8 16.7 144.3 335.4 0.0 0.0 21.0 133.7
Run 5
Unit 1 549.7 167.6 23.6 7.2 54.8 16.7 174.2 352.0 723.1 1070.7 0.0 0.0
Unit 2 549.7 167.6 30.8 9.4 54.8 16.7 144.3 3354 1574.0 2011.6 0.0 0.0
Unitlpm 549.7 167.6 23.6 7.2 54.8 16.7 174.2 352.0 0.0 0.0 11.6 77.1
Unit2pm 549.7 167.6 30.8 9.4 54.8 16.7 144.3 335.4 0.0 0.0 21.0 133.7

A-1




Minnkota Power Cooperative
Milton R. Young Unit 1

BART Run 1
2000-2002
SEQ ND % of Modeled Extinction by Species
DELTA-DV | DV(Total) | DV(BKG)|  YEAR DAY RECEP | RECEP F(RH) [%_SO4 [% NO3 [%_PMC [%_PMF
TRNP SOUTH UNIT
2000
Largest Delta-DV 4.101 6.334 2.234 2000 74 51 105 2.8 85.77 14.19 0.02 0.02
98th %tile Delta-DV 1.151 3.257 2.106 2000 265 51 105 2.2 92.11 7.79 0.07 0.03
90th %tile Delta-DV 0.351 2.478 2.127 2000 100 51 105 2.3 81.38 18.42 0.14 0.06
2001
Largest Delta-DV 3.062 5.168 2.106 2001 260 46 46 2.2 97.83 2.07 0.08 0.03
98th %tile Delta-DV 1.219 3.346 2.127 2001 92 52 106 2.3 68.95 30.87 0.13 0.05
90th %tile Delta-DV 0.302 2.429 2.127 2001 144 53 107 2.3 77.98 21.73 0.21 0.07
2002
Largest Delta-DV 6.180 8.414 2.234 2002 78 53 107 2.8 85.05 14.89 0.03 0.02
98th %tile Delta-DV 2.766 5.021 2.255 2002 26 48 102 2.9 79.59 20.30 0.08 0.02
90th %tile Delta-DV 0.476 2.710 2.234 2002 91 53 107 2.8 82.61 17.36 0.01 0.02
TRNP NORTH UNIT
2000
Largest Delta-DV 2.457 4.690 2.234 2000 72 82 71 2.8 81.52 18.39 0.06 0.02
98th %tile Delta-DV 1.307 3.413 2.106 2000 217 82 71 2.2 92.58 7.32 0.07 0.03
90th %tile Delta-DV 0.306 2.475 2.170 2000 152 82 71 2.5 82.80 16.99 0.16 0.06
2001
Largest Delta-DV 3.423 5.657 2.234 2001 64 82 71 2.8 88.52 11.43 0.04 0.01
98th %tile Delta-DV 1.833 3.939 2.106 2001 234 82 71 2.2 99.22 0.62 0.12 0.04]
90th %tile Delta-DV 0.419 2.652 2.234 2001 85 82 71 2.8 67.30 32.52 0.12 0.05
2002
Largest Delta-DV 4.941 7.174 2.234 2002 73 58 47 2.8 79.73 20.16 0.08 0.03
98th %tile Delta-DV 2.413 4.646 2.234 2002 51 84 113 2.8 84.00 15.92 0.05 0.02
90th %tile Delta-DV 0.506 2.634 2.127 2002 110 82 71 2.3 89.40 10.53 0.05 0.02
TRNP ELKHORN RANCH
2000
Largest Delta-DV 3.675 5.908 2.234 2000 74 90 72 2.8 86.93 13.03 0.02 0.02
98th %tile Delta-DV 0.823 2.929 2.106 2000 265 920 72 2.2 89.95 9.96 0.07 0.03
90th %tile Delta-DV 0.260 2.366 2.106 2000 261 90 72 2.2 94.09 5.63 0.20 0.08
2001
Largest Delta-DV 2.417 4.650 2.234 2001 64 90 72 2.8 90.09 9.87 0.03 0.01
98th %tile Delta-DV 1.049 3.176 2.127 2001 92 90 72 2.3 69.93 29.89 0.13 0.05
90th %tile Delta-DV 0.209 2.336 2.127 2001 94 90 72 2.3 87.27 12.70 0.02 0.01
2002
Largest Delta-DV 6.042 8.276 2.234 2002 73 920 72 2.8 80.78 19.11 0.08 0.03
98th %tile Delta-DV 2.465 4.699 2.234 2002 39 90 72 2.8 89.53 10.34 0.08 0.05
90th %tile Delta-DV 0.321 2.427 2.106 2002 255 920 72 2.2 95.00 4.58 0.28 0.14]
LOSTWOOD NWA
2000
Largest Delta-DV. 4.150 6.425 2.275 2000 47 97 79 2.9 91.79 8.15 0.04 0.02
98th %tile Delta-DV 1.248 3.587 2.340 2000 336 97 79 3.2 87.73 12.20 0.04 0.03
90th %tile Delta-DV 0.537 2.682 2.145 2000 261 99 81 2.3 98.43 1.20 0.27 0.10]
2001
Largest Delta-DV 4.993 7.332 2.340 2001 326 99 81 3.2 87.88 12.05 0.05 0.02
98th %tile Delta-DV 2.003 4.278 2.275 2001 41 91 73 2.9 79.93 19.98 0.06 0.03
90th %tile Delta-DV 0.488 2.720 2.232 2001 208 99 81 2.7 93.60 6.33 0.05 0.02
2002
Largest Delta-DV 3.121 5.396 2.275 2002 74 97 79 2.9 85.98 13.97 0.03 0.02
98th %tile Delta-DV 1.834 3.980 2.145 2002 111 99 81 2.3 84.27 15.60 0.10 0.03
90th %tile Delta-DV 0.436 2.581 2.145 2002 100 91 73 2.3 86.69 13.26 0.02 0.02
Duration Events Largest Delta-DV
TRNP SOUTH UNIT TRNP ELKHORN RANCH
2000 2000
Number of days with Delta-Deciview > 0.50: 23 Number of days with Delta-Deciview > 0.50: 18
Number of days with Delta-Deciview > 1.00: 9 Number of days with Delta-Deciview > 1.00: 6
Max number of consecutive days with Delta-Deciview > 0.50: 2 Max number of consecutive days with Delta-Deciview > 0.50: 2
2001 2001
Number of days with Delta-Deciview > 0.50: 20 Number of days with Delta-Deciview > 0.50: 20
Number of days with Delta-Deciview > 1.00: 11 Number of days with Delta-Deciview > 1.00: 8
Max number of consecutive days with Delta-Deciview > 0.50: 3 Max number of consecutive days with Delta-Deciview > 0.50: 3
2002 2002
Number of days with Delta-Deciview > 0.50: 35 Number of days with Delta-Deciview > 0.50: 27
Number of days with Delta-Deciview > 1.00: 19 Number of days with Delta-Deciview > 1.00: 17
Max number of consecutive days with Delta-Deciview > 0.50: 3 Max number of consecutive days with Delta-Deciview > 0.50: 4
TRNP NORTH UNIT LOSTWOOD NWA
2000 2000
Number of days with Delta-Deciview > 0.50: 24 Number of days with Delta-Deciview > 0.50: 38
Number of days with Delta-Deciview > 1.00: 9 Number of days with Delta-Deciview > 1.00: 17
Max number of consecutive days with Delta-Deciview > 0.50: 2 Max number of consecutive days with Delta-Deciview > 0.50: 3
2001 2001
Number of days with Delta-Deciview > 0.50: 31 Number of days with Delta-Deciview > 0.50: 36
Number of days with Delta-Deciview > 1.00: 13 Number of days with Delta-Deciview > 1.00: 19
Max number of consecutive days with Delta-Deciview > 0.50: 4 Max number of consecutive days with Delta-Deciview > 0.50: 3
2002 2002
Number of days with Delta-Deciview > 0.50: 38 Number of days with Delta-Deciview > 0.50: 33
Number of days with Delta-Deciview > 1.00: 20 Number of days with Delta-Deciview > 1.00: 20
Max number of consecutive days with Delta-Deciview > 0.50: 4 Max number of consecutive days with Delta-Deciview > 0.50: 4




Minnkota Power Cooperative
Milton R. Young Unit 2

BART Run 1
2000-2002
SEQ ND % of Modeled Extinction by Species
DELTA-DV| DV(Total) [ DV(BKG) | YEAR DAY RECEP | RECEP F(RH) [%_SO4 [%_NO3 [%_PMC [%_PMF
TRNP SOUTH UNIT
2000
Largest Delta-DV 4.360 6.593 2.234 2000 74 51 105 2.8 75.04 24.79 0.08 0.09
98th %tile Delta-DV 1.273 3.548 2.276 2000 316 46 46 3 67.31 32.39 0.22 0.08
90th %tile Delta-DV 0.358 2.591 2.234 2000 46 6 6 2.8 34.02 64.43 1.20 0.35
2001
Largest Delta-DV 3.019 5.125 2.106 2001 260 46 46 2.2 95.13 4.35 0.37 0.14
98th %tile Delta-DV 1.476 3.625 2.149 2001 205 51 105 2.4 86.70 11.94 1.07 0.30
90th %tile Delta-DV 0.332 2.438 2.106 2001 230 41 41 2.2 90.53 7.68 1.40 0.40
2002
Largest Delta-DV 6.478 8.712 2.234 2002 78 53 107 2.8 75.48 24.27 0.14 0.11
98th %tile Delta-DV 3.008 5.262 2.255 2002 26 48 102 2.9 66.05 33.52 0.32 0.11
90th %tile Delta-DV 0.528 2.634 2.106 2002 241 48 102 2.2 94.68 5.14 0.12 0.06
TRNP NORTH UNIT
2000
Largest Delta-DV 2.588 4.821 2.234 2000 72 82 71 2.8 68.73 30.9 0.28 0.1
98th %tile Delta-DV 1.345 3.451 2.106 2000 217 82 71 2.2 85.57 13.95 0.33 0.15
90th %tile Delta-DV 0.317 2.445 2.127 2000 286 82 71 2.3 65.24 34.25 0.35 0.16
2001
Largest Delta-DV 3.474 5.708 2.234 2001 64 82 71 2.8 79.09 20.68 0.16 0.07
98th %tile Delta-DV 1.793 3.899 2.106 2001 234 82 71 2.2 97.90 1.29 0.62 0.19
90th %tile Delta-DV 0.442 2.676 2.234 2001 55 82 71 2.8 65.06 34.64 0.21 0.09
2002
Largest Delta-DV 5.446 7.679 2.234 2002 73 63 52 2.8 65.53 33.99 0.35 0.12
98th %tile Delta-DV 2.692 4.925 2.234 2002 51 82 71 2.8 71.04 28.62 0.24 0.11
90th %tile Delta-DV 0.554 2.682 2.127 2002 138 82 71 2.3 67.69 31.23 0.76 0.32
TRNP ELKHORN RANCH
2000
Largest Delta-DV 3.876 6.11 2.234 2000 74 90 72 2.8 76.78 23.06 0.07 0.09
98th %tile Delta-DV 0.922 3.156 2.234 2000 69 20 72 2.8 61.84 37.64 0.36 0.16
90th %tile Delta-DV 0.278 2.512 2.234 2000 32 90 72 2.8 60.45 39.14 0.23 0.18
2001
Largest Delta-DV 2.419 4.653 2.234 2001 64 90 72 2.8 81.69 18.11 0.14 0.06
98th %tile Delta-DV 1.131 3.364 2.234 2001 84 920 72 2.8 64.16 35.36 0.34 0.15
90th %tile Delta-DV 0.215 2.342 2.127 2001 101 90 72 2.3 84.12 15.80 0.04 0.04
2002
Largest Delta-DV 6.564 8.797 2.234 2002 73 920 72 2.8 67.55 32.01 0.33 0.11
98th %tile Delta-DV 2.513 4.768 2.255 2002 29 90 72 2.9 69.55 30.13 0.23 0.09
90th %tile Delta-DV 0.339 2.466 2.127 2002 125 90 72 2.3 62.64 37.12 0.05 0.19
LOSTWOOD NWA
2000
Largest Delta-DV 4.043 6.319 2.275 2000 47 97 79 2.9 79.16 20.58 0.18 0.09
98th %tile Delta-DV 1.393 3.669 2.275 2000 48 99 81 2.9 73.88 25.93 0.12 0.07
90th %tile Delta-DV 0.585 2.881 2.297 2000 12 99 81 3 72.77 26.8 0.26 0.18
2001
Largest Delta-DV 5.139 7.479 2.340 2001 327 99 81 3.2 71.41 28.32 0.18 0.09
98th %tile Delta-DV 2.042 4.188 2.145 2001 259 97 79 2.3 91.38 8.26 0.26 0.10
90th %tile Delta-DV 0.580 2.791 2.211 2001 179 99 81 2.6 69.45 29.47 0.82 0.26
2002
Largest Delta-DV 3.287 5.562 2.275 2002 74 97 79 2.9 75.12 24.66 0.14 0.08
98th %tile Delta-DV 1.935 4.274 2.340 2002 312 99 81 3.2 71.84 27.82 0.17 0.17
90th %tile Delta-DV 0.466 2.611 2.145 2002 247 97 79 2.3 96.79 2.20 0.70 0.31
Duration Events Largest Delta-DV
TRNP SOUTH UNIT TRNP ELKHORN RANCH
2000 2000
Number of days with Delta-Deciview > 0.50: 26 Number of days with Delta-Deciview > 0.50: 22
Number of days with Delta-Deciview > 1.00: 11 Number of days with Delta-Deciview > 1.00: 7
Max number of consecutive days with Delta-Deciview > 0.50: 2 Max number of consecutive days with Delta-Deciview > 0.50: 2
2001 2001
Number of days with Delta-Deciview > 0.50: 20 Number of days with Delta-Deciview > 0.50: 21
Number of days with Delta-Deciview > 1.00: 11 Number of days with Delta-Deciview > 1.00: 10
Max number of consecutive days with Delta-Deciview > 0.50: 3 Max number of consecutive days with Delta-Deciview > 0.50: 3
2002 2002
Number of days with Delta-Deciview > 0.50: 40 Number of days with Delta-Deciview > 0.50: 30
Number of days with Delta-Deciview > 1.00: 21 Number of days with Delta-Deciview > 1.00: 17
Max number of consecutive days with Delta-Deciview > 0.50: 3 Max number of consecutive days with Delta-Deciview > 0.50: 4
TRNP NORTH UNIT LOSTWOOD NWA
2000 2000
Number of days with Delta-Deciview > 0.50: 24 Number of days with Delta-Deciview > 0.50: 41
Number of days with Delta-Deciview > 1.00: 9 Number of days with Delta-Deciview > 1.00: 19
Max number of consecutive days with Delta-Deciview > 0.50: 2 Max number of consecutive days with Delta-Deciview > 0.50: 3
2001 2001
Number of days with Delta-Deciview > 0.50: 32 Number of days with Delta-Deciview > 0.50: 39
Number of days with Delta-Deciview > 1.00: 13 Number of days with Delta-Deciview > 1.00: 22
Max number of consecutive days with Delta-Deciview > 0.50: 4 Max number of consecutive days with Delta-Deciview > 0.50: 3
2002 2002
Number of days with Delta-Deciview > 0.50: 40 Number of days with Delta-Deciview > 0.50: 34
Number of days with Delta-Deciview > 1.00: 23 Number of days with Delta-Deciview > 1.00: 20
Max number of consecutive days with Delta-Deciview > 0.50: 4 Max number of consecutive days with Delta-Deciview > 0.50: 4




Minnkota Power Cooperative
Milton R. Young Unit 1
BART Run 2A

2000-2002
SEQ ND % of Modeled Extinction by Species
DELTA-DV| DV(Total) | DV(BKG) | YEAR DAY RECEP | RECEP F(RH) |% SO4 |% NO3 |% PMC |% PMF
TRNP SOUTH UNIT
2000
Largest Delta-DV 2.580 4.814 2.234 2000 72 53 107 2.8 11.93 87.88 0.14 0.05
98th %tile Delta-DV 0.583 2.817 2.234 2000 41 1 1 2.8 6.55 93.18 0.19 0.08
90th %tile Delta-DV 0.200 2.327 2.127 2000 287 46 46 2.3 23.65 76.13 0.15 0.07
2001
Largest Delta-DV 3.062 5.168 2.106 2001 260 46 46 2.2 97.82 2.07 0.08 0.03
98th %tile Delta-DV 1.219 3.346 2.127 2001 92 52 106 2.3 68.94 30.87 0.14 0.05
90th %tile Delta-DV 0.302 2.429 2.127 2001 144 53 107 2.3 77.98 21.73 0.21 0.07
2002
Largest Delta-DV 3.954 6.187 2.234 2002 78 45 45 2.8 14.93 84.96 0.06 0.04
98th %tile Delta-DV 1.768 4.023 2.255 2002 29 3 3 2.9 13.56 86.31 0.09 0.04
90th %tile Delta-DV 0.247 2.523 2.276 2002 330 47 101 3.0 15.64 84.29 0.03 0.04
TRNP NORTH UNIT
2000
Largest Delta-DV 2.396 4.630 2.234 2000 36 82 71 2.8 9.63 90.16 0.14 0.07
98th %tile Delta-DV 0.762 2.889 2.127 2000 98 84 113 2.3 10.23 89.46 0.24 0.07
90th %tile Delta-DV 0.144 2.419 2.276 2000 336 63 52 3.0 4.02 95.71 0.21 0.06
2001
Largest Delta-DV 3.423 5.657 2.234 2001 64 82 71 2.8 88.52 11.43 0.04 0.01
98th %tile Delta-DV 1.833 3.939 2.106 2001 234 82 71 2.2 99.21 0.62 0.12 0.04
90th %tile Delta-DV 0.419 2.652 2.234 2001 85 82 71 2.8 67.30 32.52 0.12 0.05
2002
Largest Delta-DV 3.890 6.123 2.234 2002 73 63 52 2.8 11.76 88.06 0.14 0.04
98th %tile Delta-DV 1.522 3.776 2.255 2002 29 85 114 2.9 12.95 86.92 0.10 0.04
90th %tile Delta-DV 0.244 2.414 2.170 2002 154 82 71 2.5 19.45 80.22 0.24 0.09
TRNP ELKHORN RANCH
2000
Largest Delta-DV 2.018 4.251 2.234 2000 74 90 72 2.8 19.61 80.31 0.04 0.04
98th %tile Delta-DV 0.528 2.677 2.149 2000 184 20 72 2.4 45.84 53.38 0.56 0.21
90th %tile Delta-DV 0.122 2.292 2.170 2000 164 920 72 2.5 62.36 36.69 0.68 0.27
2001
Largest Delta-DV 2.417 4.650 2.234 2001 64 90 72 2.8 90.08 9.87 0.03 0.01
98th %tile Delta-DV 1.049 3.176 2.127 2001 92 20 72 2.3 69.93 29.88 0.13 0.05
90th %tile Delta-DV 0.209 2.336 2.127 2001 94 920 72 2.3 87.27 12.70 0.02 0.01
2002
Largest Delta-DV 4.326 6.559 2.234 2002 73 90 72 2.8 13.02 86.81 0.12 0.04
98th %tile Delta-DV 1.589 3.843 2.255 2002 29 20 72 2.9 13.69 86.19 0.09 0.04
90th %tile Delta-DV 0.148 2.276 2.127 2002 116 90 72 2.3 5.46 94.29 0.18 0.07
LOSTWOOD NWA
2000
Largest Delta-DV 2.844 5.119 2.275 2000 47 97 79 2.9 17.17 82.73 0.07 0.03
98th %tile Delta-DV 0.870 3.037 2.167 2000 216 97 79 2.4 20.55 79.22 0.18 0.05
90th %tile Delta-DV 0.277 2.510 2.232 2000 196 91 73 2.7 51.06 47.79 0.82 0.33
2001
Largest Delta-DV 4.993 7.333 2.340 2001 326 99 81 3.2 87.88 12.05 0.05 0.02
98th %tile Delta-DV 2.003 4.278 2.275 2001 41 91 73 2.9 79.94 19.98 0.05 0.03
90th %tile Delta-DV 0.488 2.720 2.232 2001 208 99 81 2.7 93.60 6.33 0.05 0.02
2002
Largest Delta-DV 1.721 3.996 2.275 2002 74 97 79 2.9 18.00 81.90 0.06 0.03
98th %tile Delta-DV 0.899 3.239 2.340 2002 312 91 73 3.2 14.82 85.04 0.07 0.08
90th %tile Delta-DV 0.201 2.411 2.211 2002 172 99 81 2.6 37.25 61.19 1.18 0.38
Duration Events Largest Delta-DV
TRNP SOUTH UNIT TRNP ELKHORN RANCH
2000 2000
Number of days with Delta-Deciview > 0.50: 10 Number of days with Delta-Deciview > 0.50: 9
Number of days with Delta-Deciview > 1.00: 4 Number of days with Delta-Deciview > 1.00: 4
Max number of consecutive days with Delta-Deciview > 0.50: 1 Max number of consecutive days with Delta-Deciview > 0.50: 2
2001 2001
Number of days with Delta-Deciview > 0.50: 20 Number of days with Delta-Deciview > 0.50: 20
Number of days with Delta-Deciview > 1.00: 11 Number of days with Delta-Deciview > 1.00: 8
Max number of consecutive days with Delta-Deciview > 0.50: 3 Max number of consecutive days with Delta-Deciview > 0.50: 3
2002 2002
Number of days with Delta-Deciview > 0.50: 24 Number of days with Delta-Deciview > 0.50: 18
Number of days with Delta-Deciview > 1.00: 12 Number of days with Delta-Deciview > 1.00: 9
Max number of consecutive days with Delta-Deciview > 0.50: 3 Max number of consecutive days with Delta-Deciview > 0.50: 2
TRNP NORTH UNIT LOSTWOOD NWA
2000 2000
Number of days with Delta-Deciview > 0.50: 13 Number of days with Delta-Deciview > 0.50: 17
Number of days with Delta-Deciview > 1.00: 7 Number of days with Delta-Deciview > 1.00: 3
Max number of consecutive days with Delta-Deciview > 0.50: 1 Max number of consecutive days with Delta-Deciview > 0.50: 2
2001 2001
Number of days with Delta-Deciview > 0.50: 31 Number of days with Delta-Deciview > 0.50: 36
Number of days with Delta-Deciview > 1.00: 13 Number of days with Delta-Deciview > 1.00: 19
Max number of consecutive days with Delta-Deciview > 0.50: 4 Max number of consecutive days with Delta-Deciview > 0.50: 3
2002 2002
Number of days with Delta-Deciview > 0.50: 25 Number of days with Delta-Deciview > 0.50: 17
Number of days with Delta-Deciview > 1.00: 12 Number of days with Delta-Deciview > 1.00: 4
Max number of consecutive days with Delta-Deciview > 0.50: 4 Max number of consecutive days with Delta-Deciview > 0.50: 3




Minnkota Power Cooperative
Milton R. Young Unit 1
BART Run 2B

2000-2002
SEQ ND % of Modeled Extinction by Species
DELTA-DV| DV(Tota)| DV(BKG) | YEAR DAY RECEP | RECEP F(RH) [% SO4 [% NO3 J% PMC [% PMF
TRNP SOUTH UNIT
2000
Largest Delta-DV 2.536 4.770 2.234 2000 72 54 108 2.8 6.26 93.55 0.15 0.05
98th %tile Delta-DV 0.594 2.870 2.276 2000 336 53 107 3.0 1.94 97.71 0.27 0.08
90th %tile Delta-DV 0.167 2.294 2.127 2000 287 46 46 2.3 13.51 86.24 0.17 0.08
2001
Largest Delta-DV 1.268 3.396 2.127 2001 112 36 36 2.3 5.54 94.14 0.25 0.07
98th %tile Delta-DV 0.635 2.911 2.276 2001 338 28 28 3.0 6.70 92.87 0.30 0.13
90th %tile Delta-DV 0.095 2.328 2.234 2001 43 52 106 2.8 9.93 89.85 0.16 0.05
2002
Largest Delta-DV 3.823 6.056 2.234 2002 78 45 45 2.8 8.02 91.87 0.07 0.05
98th %tile Delta-DV 1.694 3.927 2.234 2002 64 53 107 2.8 6.78 93.05 0.10 0.06
90th %tile Delta-DV 0.258 2.385 2.127 2002 117 6 6 2.3 1.96 97.65 0.22 0.17
TRNP NORTH UNIT
2000
Largest Delta-DV 2.746 4.980 2.234 2000 36 82 71 2.8 4.77 95.00 0.15 0.07
98th %tile Delta-DV 1.097 3.330 2.234 2000 54 82 71 2.8 9.69 90.05 0.20 0.07
90th %tile Delta-DV 0.157 2.327 2.170 2000 152 82 71 2.5 8.30 91.29 0.30 0.12
2001
Largest Delta-DV 1.888 4.142 2.255 2001 12 83 112 2.9 11.43 88.31 0.20 0.07
98th %tile Delta-DV 0.837 2.964 2.127 2001 92 63 52 2.3 3.47 96.29 0.18 0.06
90th %tile Delta-DV 0.117 2.244 2.127 2001 275 82 71 2.3 11.28 88.16 0.34 0.21
2002
Largest Delta-DV 3.855 6.088 2.234 2002 73 63 52 2.8 6.18 93.63 0.15 0.05
98th %tile Delta-DV 1.594 3.827 2.234 2002 66 83 112 2.8 3.85 95.82 0.24 0.09
90th %tile Delta-DV 0.222 2.328 2.106 2002 234 67 56 2.2 20.43 78.42 0.90 0.25
TRNP ELKHORN RANCH
2000
Largest Delta-DV 1.890 4.123 2.234 2000 74 90 72 2.8 10.82 89.09 0.04 0.05
98th %tile Delta-DV 0.482 2.716 2.234 2000 41 90 72 2.8 5.46 94.34 0.12 0.08
90th %tile Delta-DV 0.109 2.236 2.127 2000 299 90 72 2.3 11.75 88.14 0.07 0.04
2001
Largest Delta-DV 1.095 3.222 2.127 2001 92 90 72 2.3 3.68 96.12 0.15 0.06
98th %tile Delta-DV 0.525 2.631 2.106 2001 261 920 72 2.2 23.67 75.91 0.28 0.13
90th %tile Delta-DV 0.068 2.344 2.276 2001 315 90 72 3.0 6.65 93.22 0.08 0.05
2002
Largest Delta-DV 4.225 6.459 2.234 2002 73 90 72 2.8 6.90 92.92 0.13 0.04
98th %tile Delta-DV 1.533 3.808 2.276 2002 336 920 72 3.0 7.54 92.24 0.17 0.05
90th %tile Delta-DV 0.155 2.282 2.127 2002 116 90 72 2.3 2.76 96.99 0.18 0.07
LOSTWOOD NWA
2000
Largest Delta-DV 2.864 5.139 2.275 2000 47 97 79 2.9 9.39 90.49 0.08 0.04
98th %tile Delta-DV 0.820 2.987 2.167 2000 216 97 79 2.4 11.41 88.34 0.19 0.05
90th %tile Delta-DV 0.274 2.549 2.275 2000 45 91 73 2.9 7.82 92.11 0.04 0.03
2001
Largest Delta-DV 4.434 6.774 2.340 2001 327 99 81 3.2 7.98 91.90 0.07 0.04
98th %tile Delta-DV 1.194 3.534 2.340 2001 333 99 81 3.2 7.17 92.60 0.14 0.09
90th %tile Delta-DV 0.280 2.447 2.167 2001 235 99 81 2.4 5.98 93.00 0.80 0.23
2002
Largest Delta-DV 1.619 3.895 2.275 2002 74 97 79 2.9 9.86 90.04 0.07 0.04
98th %tile Delta-DV 0.839 3.115 2.275 2002 69 99 81 2.9 4.83 95.07 0.05 0.05
90th %tile Delta-DV 0.189 2.334 2.145 2002 100 91 73 2.3 10.37 89.52 0.06 0.05
Duration Events Largest Delta-DV
TRNP SOUTH UNIT TRNP ELKHORN RANCH
2000 2000
Number of days with Delta-Deciview > 0.50: 11 Number of days with Delta-Deciview > 0.50: 7
Number of days with Delta-Deciview > 1.00: 4 Number of days with Delta-Deciview > 1.00: 4
Max number of consecutive days with Delta-Deciview > 0.50: 1 Max number of consecutive days with Delta-Deciview > 0.50: 1
2001 2001
Number of days with Delta-Deciview > 0.50: 11 Number of days with Delta-Deciview > 0.50: 8
Number of days with Delta-Deciview > 1.00: 3 Number of days with Delta-Deciview > 1.00: 1
Max number of consecutive days with Delta-Deciview > 0.50: 2 Max number of consecutive days with Delta-Deciview > 0.50: 2
2002 2002
Number of days with Delta-Deciview > 0.50: 23 Number of days with Delta-Deciview > 0.50: 17
Number of days with Delta-Deciview > 1.00: 14 Number of days with Delta-Deciview > 1.00: 9
Max number of consecutive days with Delta-Deciview > 0.50: 3 Max number of consecutive days with Delta-Deciview > 0.50: 2
TRNP NORTH UNIT LOSTWOOD NWA
2000 2000
Number of days with Delta-Deciview > 0.50: 13 Number of days with Delta-Deciview > 0.50: 17
Number of days with Delta-Deciview > 1.00: 8 Number of days with Delta-Deciview > 1.00: 3
Max number of consecutive days with Delta-Deciview > 0.50: 1 Max number of consecutive days with Delta-Deciview > 0.50: 2
2001 2001
Number of days with Delta-Deciview > 0.50: 15 Number of days with Delta-Deciview > 0.50: 24
Number of days with Delta-Deciview > 1.00: 3 Number of days with Delta-Deciview > 1.00: 10
Max number of consecutive days with Delta-Deciview > 0.50: 2 Max number of consecutive days with Delta-Deciview > 0.50: 3
2002 2002
Number of days with Delta-Deciview > 0.50: 22 Number of days with Delta-Deciview > 0.50: 15
Number of days with Delta-Deciview > 1.00: 12 Number of days with Delta-Deciview > 1.00: 5
Max number of consecutive days with Delta-Deciview > 0.50: 4 Max number of consecutive days with Delta-Deciview > 0.50: 3




Minnkota Power Cooperative
Milton R. Young Unit 2
BART Run 2A

2000-2002
SEQ ND % of Modeled Extinction by Species
DELTA-DV| DV(Total) | DV(BKG) | YEAR DAY RECEP | RECEP F(RH) [% SO4 [% NO3 [% PMC [% PMF
TRNP SOUTH UNIT
2000
Largest Delta-DV 4.153 6.387 2.234 2000 72 53 107 2.8 13.85 85.69 0.34 0.12
98th %tile Delta-DV 1.159 3.392 2.234 2000 69 56 110 2.8 11.29 88.21 0.36 0.13
90th %tile Delta-DV 0.340 2.467 2.127 2000 301 54 108 2.3 3.47 94.82 1.31 0.41
2001
Largest Delta-DV 3.019 5.125 2.106 2001 260 46 46 2.2 95.13 4.35 0.37 0.14
98th %tile Delta-DV 1.476 3.625 2.149 2001 205 51 105 2.4 86.70 11.94 1.07 0.30
90th %tile Delta-DV 0.332 2.438 2.106 2001 230 41 41 2.2 90.53 7.68 1.40 0.40
2002
Largest Delta-DV 6.473 8.706 2.234 2002 78 45 45 2.8 16.99 82.74 0.16 0.11
98th %tile Delta-DV 3.080 5.335 2.255 2002 29 3 3 2.9 15.06 84.61 0.23 0.10
90th %tile Delta-DV 0.497 2.624 2.127 2002 294 47 101 2.3 14.54 84.71 0.51 0.24
TRNP NORTH UNIT
2000
Largest Delta-DV 3.452 5.685 2.234 2000 36 82 71 2.8 11.65 87.78 0.38 0.18
98th %tile Delta-DV 1.332 3.566 2.234 2000 74 67 56 2.8 20.92 78.90 0.08 0.11
90th %tile Delta-DV 0.257 2.384 2.127 2000 119 82 71 2.3 15.13 83.25 1.23 0.38
2001
Largest Delta-DV 3.474 5.708 2.234 2001 64 82 71 2.8 79.09 20.68 0.16 0.07
98th %tile Delta-DV 1.793 3.899 2.106 2001 234 82 71 2.2 97.90 1.29 0.62 0.19
90th %tile Delta-DV 0.442 2.676 2.234 2001 55 82 71 2.8 65.06 34.64 0.21 0.09
2002
Largest Delta-DV 6.094 8.327 2.234 2002 73 63 52 2.8 13.44 86.13 0.32 0.11
98th %tile Delta-DV 2.666 4.900 2.234 2002 75 82 71 2.8 17.44 82.13 0.28 0.16
90th %tile Delta-DV 0.410 2.685 2.276 2002 352 71 60 3.0 13.41 86.31 0.18 0.10
TRNP ELKHORN RANCH
2000
Largest Delta-DV 3.513 5.747 2.234 2000 74 90 72 2.8 21.72 78.08 0.09 0.11
98th %tile Delta-DV 1.068 3.174 2.106 2000 247 20 72 2.2 68.84 28.73 1.68 0.74
90th %tile Delta-DV 0.201 2.307 2.106 2000 239 920 72 2.2 43.86 55.24 0.58 0.32
2001
Largest Delta-DV 2.419 4.653 2.234 2001 64 90 72 2.8 81.69 18.11 0.14 0.06
98th %tile Delta-DV 1.131 3.364 2.234 2001 84 20 72 2.8 64.16 35.36 0.34 0.15
90th %tile Delta-DV 0.215 2.342 2.127 2001 101 920 72 2.3 84.12 15.80 0.04 0.04
2002
Largest Delta-DV 6.981 9.214 2.234 2002 73 90 72 2.8 14.69 84.89 0.31 0.11
98th %tile Delta-DV 2.789 5.044 2.255 2002 29 20 72 2.9 15.14 84.54 0.23 0.09
90th %tile Delta-DV 0.259 2.387 2.127 2002 116 90 72 2.3 6.26 93.09 0.47 0.18
LOSTWOOD NWA
2000
Largest Delta-DV 4.227 6.502 2.275 2000 47 97 79 2.9 19.67 80.05 0.19 0.09
98th %tile Delta-DV 1.443 3.718 2.275 2000 48 99 81 2.9 19.14 80.64 0.14 0.08
90th %tile Delta-DV 0.494 2.639 2.145 2000 114 91 73 2.3 29.95 68.59 0.87 0.59
2001
Largest Delta-DV 5.139 7.479 2.340 2001 327 99 81 3.2 71.41 28.32 0.18 0.09
98th %tile Delta-DV 2.042 4.188 2.145 2001 259 97 79 2.3 91.38 8.26 0.26 0.10
90th %tile Delta-DV 0.580 2.791 2.211 2001 179 99 81 2.6 69.45 29.47 0.82 0.26
2002
Largest Delta-DV 3.117 5.392 2.275 2002 74 97 79 2.9 19.78 79.98 0.16 0.09
98th %tile Delta-DV 1.486 3.654 2.167 2002 239 93 75 2.4 33.81 65.60 0.41 0.18
90th %tile Delta-DV 0.405 2.572 2.167 2002 234 97 79 2.4 38.85 60.11 0.64 0.40
Duration Events Largest Delta-DV
TRNP SOUTH UNIT TRNP ELKHORN RANCH
2000 2000
Number of days with Delta-Deciview > 0.50: 24 Number of days with Delta-Deciview > 0.50: 12
Number of days with Delta-Deciview > 1.00: 8 Number of days with Delta-Deciview > 1.00: 8
Max number of consecutive days with Delta-Deciview > 0.50: 2 Max number of consecutive days with Delta-Deciview > 0.50: 2
2001 2001
Number of days with Delta-Deciview > 0.50: 20 Number of days with Delta-Deciview > 0.50: 21
Number of days with Delta-Deciview > 1.00: 11 Number of days with Delta-Deciview > 1.00: 10
Max number of consecutive days with Delta-Deciview > 0.50: 3 Max number of consecutive days with Delta-Deciview > 0.50: 3
2002 2002
Number of days with Delta-Deciview > 0.50: 36 Number of days with Delta-Deciview > 0.50: 24
Number of days with Delta-Deciview > 1.00: 23 Number of days with Delta-Deciview > 1.00: 16
Max number of consecutive days with Delta-Deciview > 0.50: 3 Max number of consecutive days with Delta-Deciview > 0.50: 2
TRNP NORTH UNIT LOSTWOOD NWA
2000 2000
Number of days with Delta-Deciview > 0.50: 22 Number of days with Delta-Deciview > 0.50: 36
Number of days with Delta-Deciview > 1.00: 11 Number of days with Delta-Deciview > 1.00: 14
Max number of consecutive days with Delta-Deciview > 0.50: 2 Max number of consecutive days with Delta-Deciview > 0.50: 3
2001 2001
Number of days with Delta-Deciview > 0.50: 32 Number of days with Delta-Deciview > 0.50: 39
Number of days with Delta-Deciview > 1.00: 13 Number of days with Delta-Deciview > 1.00: 22
Max number of consecutive days with Delta-Deciview > 0.50: 4 Max number of consecutive days with Delta-Deciview > 0.50: 3
2002 2002
Number of days with Delta-Deciview > 0.50: 35 Number of days with Delta-Deciview > 0.50: 30
Number of days with Delta-Deciview > 1.00: 25 Number of days with Delta-Deciview > 1.00: 16
Max number of consecutive days with Delta-Deciview > 0.50: 4 Max number of consecutive days with Delta-Deciview > 0.50: 5




Minnkota Power Cooperative
Milton R. Young Unit 2
BART Run 2B

2000-2002
SEQ ND % of Modeled Extinction by Species
DELTA-DV| DV(Total) [ DV(BKG) | YEAR DAY RECEP | RECEP F(RH) [%_SO4 [%_NO3 [%_PMC [%_PMF
TRNP SOUTH UNIT
2000
Largest Delta-DV 3.913 6.147 2.234 2000 72 53 107 2.8 7.32 92.19 0.36 0.13
98th %tile Delta-DV 1.096 3.329 2.234 2000 69 56 110 2.8 5.89 93.58 0.39 0.14
90th %tile Delta-DV 0.317 2.445 2.127 2000 106 48 102 2.3 4.07 94.75 0.92 0.26
2001
Largest Delta-DV 2.223 4.351 2.127 2001 92 52 106 2.3 3.96 95.53 0.37 0.15
98th %tile Delta-DV 1.095 3.370 2.276 2001 328 45 45 3.0 11.21 88.62 0.10 0.08
90th %tile Delta-DV 0.154 2.260 2.106 2001 266 51 105 2.2 4.72 93.42 1.47 0.39
2002
Largest Delta-DV 6.099 8.332 2.234 2002 78 45 45 2.8 9.05 90.66 0.17 0.12
98th %tile Delta-DV 2.876 5.131 2.255 2002 29 4 4 2.9 7.99 91.65 0.25 0.10
90th %tile Delta-DV 0.442 2.569 2.127 2002 136 54 108 2.3 4.66 93.59 1.37 0.38
TRNP NORTH UNIT
2000
Largest Delta-DV 3.286 5.520 2.234 2000 36 82 71 2.8 6.07 93.33 0.40 0.20
98th %tile Delta-DV 1.199 3.432 2.234 2000 74 67 56 2.8 11.50 88.29 0.09 0.12
90th %tile Delta-DV 0.241 2.368 2.127 2000 301 63 52 2.3 1.91 96.26 1.38 0.45
2001
Largest Delta-DV 2.801 4.929 2.127 2001 98 62 51 2.3 8.18 90.90 0.68 0.23
98th %tile Delta-DV 1.314 3.547 2.234 2001 43 82 71 2.8 10.44 89.04 0.39 0.13
90th %tile Delta-DV 0.214 2.320 2.106 2001 254 83 112 2.2 20.20 76.56 2.35 0.89
2002
Largest Delta-DV 5.781 8.015 2.234 2002 73 63 52 2.8 7.08 92.45 0.35 0.12
98th %tile Delta-DV 2.464 4.697 2.234 2002 75 82 71 2.8 9.38 90.15 0.30 0.17
90th %tile Delta-DV 0.359 2.529 2.170 2002 159 78 67 2.5 8.35 89.00 1.75 0.90
TRNP ELKHORN RANCH
2000
Largest Delta-DV 3.182 5.416 2.234 2000 74 90 72 2.8 11.99 87.79 0.10 0.12
98th %tile Delta-DV 0.827 2.976 2.149 2000 184 90 72 2.4 32.57 64.75 1.96 0.72
90th %tile Delta-DV 0.175 2.345 2.170 2000 164 90 72 2.5 46.62 50.12 2.29 0.97
2001
Largest Delta-DV 1.918 4.046 2.127 2001 92 90 72 2.3 4.10 95.38 0.37 0.15
98th %tile Delta-DV 0.863 2.969 2.106 2001 258 920 72 2.2 28.24 70.13 1.23 0.40
90th %tile Delta-DV 0.119 2.225 2.106 2001 248 90 72 2.2 64.38 30.48 3.36 1.77
2002
Largest Delta-DV 6.606 8.840 2.234 2002 73 20 72 2.8 7.79 91.76 0.33 0.12
98th %tile Delta-DV 2.601 4.856 2.255 2002 29 90 72 2.9 8.06 91.59 0.25 0.10
90th %tile Delta-DV 0.219 2.325 2.106 2002 270 20 72 2.2 5.80 93.28 0.68 0.24
LOSTWOOD NWA
2000
Largest Delta-DV 3.905 6.180 2.275 2000 47 97 79 2.9 10.64 89.04 0.21 0.10
98th %tile Delta-DV 1.311 3.586 2.275 2000 48 99 81 2.9 10.41 89.34 0.16 0.09
90th %tile Delta-DV 0.421 2.567 2.145 2000 114 91 73 2.3 17.32 80.96 1.02 0.69
2001
Largest Delta-DV 5.734 8.074 2.340 2001 327 99 81 3.2 9.14 90.57 0.19 0.11
98th %tile Delta-DV 1.654 3.929 2.275 2001 89 93 75 2.9 8.09 91.40 0.36 0.15
90th %tile Delta-DV 0.450 2.617 2.167 2001 304 93 75 2.4 4.84 94.03 0.90 0.24
2002
Largest Delta-DV 2.845 5.121 2.275 2002 74 97 79 2.9 10.80 88.92 0.18 0.10
98th %tile Delta-DV 1.343 3.618 2.275 2002 69 99 81 2.9 5.46 94.25 0.16 0.13
90th %tile Delta-DV 0.344 2.555 2.211 2002 172 99 81 2.6 25.57 69.53 3.68 1.22
Duration Events Largest Delta-DV
TRNP SOUTH UNIT TRNP ELKHORN RANCH
2000 2000
Number of days with Delta-Deciview > 0.50: 21 Number of days with Delta-Deciview > 0.50: 12
Number of days with Delta-Deciview > 1.00: 8 Number of days with Delta-Deciview > 1.00: 6
Max number of consecutive days with Delta-Deciview > 0.50: 2 Max number of consecutive days with Delta-Deciview > 0.50: 2
2001 2001
Number of days with Delta-Deciview > 0.50: 14 Number of days with Delta-Deciview > 0.50: 13
Number of days with Delta-Deciview > 1.00: 8 Number of days with Delta-Deciview > 1.00: 5
Max number of consecutive days with Delta-Deciview > 0.50: 2 Max number of consecutive days with Delta-Deciview > 0.50: 2
2002 2002
Number of days with Delta-Deciview > 0.50: 33 Number of days with Delta-Deciview > 0.50: 21
Number of days with Delta-Deciview > 1.00: 22 Number of days with Delta-Deciview > 1.00: 16
Max number of consecutive days with Delta-Deciview > 0.50: 3 Max number of consecutive days with Delta-Deciview > 0.50: 2
TRNP NORTH UNIT LOSTWOOD NWA
2000 2000
Number of days with Delta-Deciview > 0.50: 21 Number of days with Delta-Deciview > 0.50: 31
Number of days with Delta-Deciview > 1.00: 11 Number of days with Delta-Deciview > 1.00: 12
Max number of consecutive days with Delta-Deciview > 0.50: 2 Max number of consecutive days with Delta-Deciview > 0.50: 3
2001 2001
Number of days with Delta-Deciview > 0.50: 21 Number of days with Delta-Deciview > 0.50: 34
Number of days with Delta-Deciview > 1.00: 11 Number of days with Delta-Deciview > 1.00: 17
Max number of consecutive days with Delta-Deciview > 0.50: 2 Max number of consecutive days with Delta-Deciview > 0.50: 3
2002 2002
Number of days with Delta-Deciview > 0.50: 32 Number of days with Delta-Deciview > 0.50: 27
Number of days with Delta-Deciview > 1.00: 22 Number of days with Delta-Deciview > 1.00: 15
Max number of consecutive days with Delta-Deciview > 0.50: 4 Max number of consecutive days with Delta-Deciview > 0.50: 3




Minnkota Power Cooperative
Milton R. Young Unit 1
BART Run 3A

2000-2002
SEQ ND % of Modeled Extinction by Species
DELTA-DV| DV(Total) | DV(BKG) | YEAR DAY RECEP RECEP F(RH) |% _SO4 % _NO3 [% PMC |% PMF
TRNP SOUTH UNIT
2000
Largest Delta-DV. 4.878 7.111 2.234 2000 74 51 105 2.8 69.15 30.81 0.02 0.02
98th %tile Delta-DV 1.464 3.740 2.276 2000 316 46 46 3.0 60.13 39.82 0.04 0.01
90th %tile Delta-DV 0.412 2.518 2.106 2000 214 46 46 2.2 97.63 2.18 0.15 0.05
2001
Largest Delta-DV 3.145 5.251 2.106 2001 260 46 46 2.2 94.80 5.09 0.08 0.03
98th %tile Delta-DV 1.576 3.725 2.149 2001 205 51 105 2.4 84.26 15.47 0.21 0.06
90th %tile Delta-DV 0.373 2.479 2.106 2001 224 53 107 2.2 96.76 3.06 0.14 0.04
2002
Largest Delta-DV 6.961 9.194 2.234 2002 78 53 107 2.8 72.32 27.63 0.03 0.02
98th %tile Delta-DV 3.552 5.807 2.255 2002 26 48 102 2.9 59.46 40.46 0.06 0.02
90th %tile Delta-DV 0.611 2.844 2.234 2002 91 56 110 2.8 63.16 36.81 0.01 0.01
TRNP NORTH UNIT
2000
Largest Delta-DV 3.135 5.368 2.234 2000 72 82 71 2.8 61.67 38.26 0.05 0.02
98th %tile Delta-DV 1.469 3.575 2.106 2000 217 82 71 2.2 81.65 18.26 0.07 0.03
90th %tile Delta-DV 0.373 2.501 2.127 2000 286 82 71 2.3 58.48 41.43 0.06 0.03
2001
Largest Delta-DV 4.011 6.244 2.234 2001 64 82 71 2.8 73.23 26.73 0.03 0.01
98th %tile Delta-DV 1.853 3.959 2.106 2001 234 82 71 2.2 98.06 1.77 0.13 0.04
90th %tile Delta-DV 0.488 2.615 2.127 2001 112 58 47 2.3 51.71 48.11 0.15 0.04
2002
Largest Delta-DV 6.257 8.490 2.234 2002 73 63 52 2.8 58.28 41.64 0.06 0.02
98th %tile Delta-DV 3.026 5.259 2.234 2002 51 82 71 2.8 64.37 35.56 0.04 0.02
90th %tile Delta-DV 0.639 2.766 2.127 2002 138 82 71 2.3 61.20 38.60 0.14 0.06
TRNP ELKHORN RANCH
2000
Largest Delta-DV 4.342 6.576 2.234 2000 74 90 72 2.8 71.00 28.97 0.01 0.02
98th %tile Delta-DV 1.084 3.317 2.234 2000 69 20 72 2.8 54.54 45.37 0.06 0.03
90th %tile Delta-DV 0.341 2.469 2.127 2000 139 90 72 2.3 85.26 14.66 0.05 0.03
2001
Largest Delta-DV 2.795 5.029 2.234 2001 64 90 72 2.8 76.35 23.62 0.03 0.01
98th %tile Delta-DV 1.321 3.555 2.234 2001 84 20 72 2.8 56.81 43.10 0.06 0.03
90th %tile Delta-DV 0.239 2.473 2.234 2001 55 90 72 2.8 59.90 40.06 0.03 0.01
2002
Largest Delta-DV 7.443 9.677 2.234 2002 73 90 72 2.8 60.67 39.25 0.06 0.02
98th %tile Delta-DV 2.783 5.017 2.234 2002 39 20 72 2.8 78.00 21.88 0.08 0.04
90th %tile Delta-DV. 0.404 2.531 2.127 2002 125 90 72 2.3 55.44 44.52 0.01 0.03
LOSTWOOD NWA
2000
Largest Delta-DV. 4.473 6.748 2.275 2000 47 97 79 2.9 83.69 16.26 0.04 0.02
98th %tile Delta-DV 1.685 3.960 2.275 2000 70 93 75 2.9 50.80 49.11 0.06 0.03
90th %tile Delta-DV 0.660 2.805 2.145 2000 131 93 75 2.3 57.84 42.02 0.12 0.03
2001
Largest Delta-DV. 5.789 8.129 2.340 2001 327 99 81 3.2 64.91 35.04 0.03 0.02
98th %tile Delta-DV 2.227 4.566 2.340 2001 333 99 81 3.2 64.47 35.44 0.05 0.04]
90th %tile Delta-DV 0.596 2.742 2.145 2001 107 97 79 2.3 44.73 55.14 0.09 0.04
2002
Largest Delta-DV 3.766 6.041 2.275 2002 74 97 79 2.9 68.87 31.09 0.03 0.01
98th %tile Delta-DV 2.195 4.427 2.232 2002 205 91 73 2.7 82.94 16.95 0.08 0.03
90th %tile Delta-DV 0.504 2.800 2.297 2002 31 97 79 3.0 78.62 21.36 0.01 0.01
Duration Events Largest Delta-DV
TRNP SOUTH UNIT TRNP ELKHORN RANCH
2000 2000
Number of days with Delta-Deciview > 0.50: 31 Number of days with Delta-Deciview > 0.50: 22
Number of days with Delta-Deciview > 1.00: 13 Number of days with Delta-Deciview > 1.00: 8
Max number of consecutive days with Delta-Deciview > 0.50: 3 Max number of consecutive days with Delta-Deciview > 0.50: 2
2001 2001
Number of days with Delta-Deciview > 0.50: 22 Number of days with Delta-Deciview > 0.50: 21
Number of days with Delta-Deciview > 1.00: 11 Number of days with Delta-Deciview > 1.00: 12
Max number of consecutive days with Delta-Deciview > 0.50: 3 Max number of consecutive days with Delta-Deciview > 0.50: 3
2002 2002
Number of days with Delta-Deciview > 0.50: 43 Number of days with Delta-Deciview > 0.50: 34
Number of days with Delta-Deciview > 1.00: 21 Number of days with Delta-Deciview > 1.00: 18
Max number of consecutive days with Delta-Deciview > 0.50: 4 Max number of consecutive days with Delta-Deciview > 0.50: 4
TRNP NORTH UNIT LOSTWOOD NWA
2000 2000
Number of days with Delta-Deciview > 0.50: 27 Number of days with Delta-Deciview > 0.50: 44
Number of days with Delta-Deciview > 1.00: 11 Number of days with Delta-Deciview > 1.00: 21
Max number of consecutive days with Delta-Deciview > 0.50: 2 Max number of consecutive days with Delta-Deciview > 0.50: 3
2001 2001
Number of days with Delta-Deciview > 0.50: 35 Number of days with Delta-Deciview > 0.50: 45
Number of days with Delta-Deciview > 1.00: 16 Number of days with Delta-Deciview > 1.00: 25
Max number of consecutive days with Delta-Deciview > 0.50: 4 Max number of consecutive days with Delta-Deciview > 0.50: 3
2002 2002
Number of days with Delta-Deciview > 0.50: 42 Number of days with Delta-Deciview > 0.50: 38
Number of days with Delta-Deciview > 1.00: 28 Number of days with Delta-Deciview > 1.00: 23
Max number of consecutive days with Delta-Deciview > 0.50: 4 Max number of consecutive days with Delta-Deciview > 0.50: 4




Minnkota Power Cooperative
Milton R. Young Unit 1
BART Run 3B

2000-2002
SEQ ND % of Modeled Extinction by Species
DELTA-DV| DV(Total) | DV(BKG) | YEAR DAY RECEP RECEP F(RH) |% _SO4 % _NO3 [% PMC |% PMF
TRNP SOUTH UNIT
2000
Largest Delta-DV. 4.897 7.130 2.234 2000 74 51 105 2.8 69.17 30.76 0.03 0.03
98th %tile Delta-DV 1.464 3.740 2.276 2000 316 46 46 3.0 60.09 39.80 0.08 0.03
90th %tile Delta-DV 0.413 2.519 2.106 2000 214 46 46 2.2 97.44 2.18 0.29 0.09
2001
Largest Delta-DV 3.153 5.259 2.106 2001 260 46 46 2.2 94.72 5.07 0.15 0.06
98th %tile Delta-DV 1.581 3.729 2.149 2001 205 51 105 2.4 84.03 15.43 0.43 0.11
90th %tile Delta-DV 0.373 2.479 2.106 2001 224 53 107 2.2 96.59 3.05 0.28 0.09
2002
Largest Delta-DV 6.957 9.191 2.234 2002 78 53 107 2.8 71.90 28.00 0.06 0.04
98th %tile Delta-DV 3.568 5.823 2.255 2002 26 48 102 2.9 59.40 40.45 0.12 0.04
90th %tile Delta-DV 0.612 2.846 2.234 2002 91 56 110 2.8 63.14 36.81 0.02 0.03
TRNP NORTH UNIT
2000
Largest Delta-DV 3.152 5.386 2.234 2000 72 82 71 2.8 61.59 38.27 0.10 0.03
98th %tile Delta-DV 1.471 3.577 2.106 2000 217 82 71 2.2 81.57 18.24 0.13 0.06
90th %tile Delta-DV 0.372 2.500 2.127 2000 286 82 71 2.3 58.45 41.37 0.13 0.05
2001
Largest Delta-DV 4.019 6.253 2.234 2001 64 82 71 2.8 73.17 26.75 0.06 0.02
98th %tile Delta-DV 1.856 3.962 2.106 2001 234 82 71 2.2 97.90 1.76 0.26 0.08
90th %tile Delta-DV 0.496 2.623 2.127 2001 112 58 47 2.3 51.62 48.01 0.29 0.07
2002
Largest Delta-DV 6.269 8.503 2.234 2002 73 63 52 2.8 58.22 41.61 0.13 0.04]
98th %tile Delta-DV 3.033 5.266 2.234 2002 51 82 71 2.8 64.29 35.58 0.09 0.04
90th %tile Delta-DV 0.641 2.769 2.127 2002 138 82 71 2.3 61.01 38.59 0.28 0.11
TRNP ELKHORN RANCH
2000
Largest Delta-DV 4.360 6.593 2.234 2000 74 90 72 2.8 70.99 28.95 0.03 0.03
98th %tile Delta-DV 1.084 3.318 2.234 2000 69 20 72 2.8 54.49 45.33 0.13 0.06
90th %tile Delta-DV 0.340 2.467 2.127 2000 139 90 72 2.3 85.21 14.62 0.11 0.06
2001
Largest Delta-DV 2.798 5.031 2.234 2001 64 90 72 2.8 76.31 23.62 0.05 0.02
98th %tile Delta-DV 1.322 3.556 2.234 2001 84 20 72 2.8 56.76 43.06 0.12 0.05
90th %tile Delta-DV 0.241 2.369 2.127 2001 147 90 72 2.3 94.64 5.14 0.16 0.06
2002
Largest Delta-DV 7.463 9.697 2.234 2002 73 90 72 2.8 60.61 39.23 0.12 0.04
98th %tile Delta-DV 2.795 5.029 2.234 2002 39 20 72 2.8 78.17 21.59 0.15 0.09
90th %tile Delta-DV. 0.402 2.529 2.127 2002 125 90 72 2.3 55.41 44.51 0.02 0.07
LOSTWOOD NWA
2000
Largest Delta-DV. 4.440 6.715 2.275 2000 47 97 79 2.9 82.72 17.17 0.08 0.04]
98th %tile Delta-DV 1.686 3.961 2.275 2000 70 93 75 2.9 50.75 49.07 0.12 0.06
90th %tile Delta-DV 0.661 2.807 2.145 2000 131 97 79 2.3 59.10 40.58 0.25 0.07
2001
Largest Delta-DV. 5.865 8.204 2.340 2001 327 99 81 3.2 64.90 35.01 0.07 0.03
98th %tile Delta-DV 2.229 4.569 2.340 2001 333 99 81 3.2 64.39 35.43 0.10 0.07
90th %tile Delta-DV 0.597 2.742 2.145 2001 107 97 79 2.3 44.68 55.07 0.17 0.08
2002
Largest Delta-DV. 3.788 6.063 2.275 2002 74 97 79 2.9 68.85 31.07 0.05 0.03
98th %tile Delta-DV 2.180 4.519 2.340 2002 312 99 81 3.2 65.40 34.47 0.07 0.06
90th %tile Delta-DV 0.516 2.813 2.297 2002 31 97 79 3.0 78.58 21.38 0.02 0.01
Duration Events Largest Delta-DV
TRNP SOUTH UNIT TRNP ELKHORN RANCH
2000 2000
Number of days with Delta-Deciview > 0.50: 31 Number of days with Delta-Deciview > 0.50: 22
Number of days with Delta-Deciview > 1.00: 13 Number of days with Delta-Deciview > 1.00: 8
Max number of consecutive days with Delta-Deciview > 0.50: 3 Max number of consecutive days with Delta-Deciview > 0.50: 2
2001 2001
Number of days with Delta-Deciview > 0.50: 22 Number of days with Delta-Deciview > 0.50: 21
Number of days with Delta-Deciview > 1.00: 11 Number of days with Delta-Deciview > 1.00: 12
Max number of consecutive days with Delta-Deciview > 0.50: 3 Max number of consecutive days with Delta-Deciview > 0.50: 3
2002 2002
Number of days with Delta-Deciview > 0.50: 43 Number of days with Delta-Deciview > 0.50: 34
Number of days with Delta-Deciview > 1.00: 21 Number of days with Delta-Deciview > 1.00: 18
Max number of consecutive days with Delta-Deciview > 0.50: 4 Max number of consecutive days with Delta-Deciview > 0.50: 4
TRNP NORTH UNIT LOSTWOOD NWA
2000 2000
Number of days with Delta-Deciview > 0.50: 27 Number of days with Delta-Deciview > 0.50: 44
Number of days with Delta-Deciview > 1.00: 11 Number of days with Delta-Deciview > 1.00: 21
Max number of consecutive days with Delta-Deciview > 0.50: 2 Max number of consecutive days with Delta-Deciview > 0.50: 3
2001 2001
Number of days with Delta-Deciview > 0.50: 35 Number of days with Delta-Deciview > 0.50: 45
Number of days with Delta-Deciview > 1.00: 16 Number of days with Delta-Deciview > 1.00: 25
Max number of consecutive days with Delta-Deciview > 0.50: 4 Max number of consecutive days with Delta-Deciview > 0.50: 3
2002 2002
Number of days with Delta-Deciview > 0.50: 42 Number of days with Delta-Deciview > 0.50: 38
Number of days with Delta-Deciview > 1.00: 28 Number of days with Delta-Deciview > 1.00: 23
Max number of consecutive days with Delta-Deciview > 0.50: 4 Max number of consecutive days with Delta-Deciview > 0.50: 4




Minnkota Power Cooperative
Milton R. Young Unit 2

BART Run 3
2000-2002
SEQ ND % of Modeled Extinction by Species
DELTA-DV| DV(Total) | DV(BKG) | YEAR DAY RECEP | RECEP F(RH) [%_SO4 [% _NO3 [% PMC [%_PMF
TRNP SOUTH UNIT
2000
Largest Delta-DV 5.577 7.811 2.234 2000 74 51 105 2.8 54.92 44.99 0.05 0.05
98th %tile Delta-DV 1.647 3.817 2.170 2000 152 54 108 2.5 36.38 62.85 0.57 0.20
90th %tile Delta-DV 0.511 2.638 2.127 2000 101 47 101 2.3 34.53 65.12 0.23 0.12
2001
Largest Delta-DV 3.297 5.530 2.234 2001 64 46 46 2.8 58.91 40.96 0.09 0.04
98th %tile Delta-DV 2.001 4.235 2.234 2001 84 46 46 2.8 40.75 59.03 0.15 0.06
90th %tile Delta-DV 0.397 2.503 2.106 2001 234 51 105 2.2 94.76 4.72 0.40 0.12
2002
Largest Delta-DV 8.275 10.508 2.234 2002 73 48 102 2.8 44.60 55.19 0.15 0.05
98th %tile Delta-DV 4.338 6.444 2.106 2002 250 53 107 2.2 63.35 36.16 0.35 0.15
90th %tile Delta-DV 0.780 2.907 2.127 2002 294 47 101 2.3 42.15 57.47 0.26 0.12
TRNP NORTH UNIT
2000
Largest Delta-DV 3.754 5.988 2.234 2000 72 82 71 2.8 44.56 55.26 0.13 0.05
98th %tile Delta-DV 1.660 3.766 2.106 2000 217 82 71 2.2 68.22 31.49 0.20 0.09
90th %tile Delta-DV 0.421 2.570 2.149 2000 191 67 56 2.4 91.41 7.97 0.48 0.15
2001
Largest Delta-DV 4.537 6.771 2.234 2001 64 82 71 2.8 57.23 42.65 0.09 0.04
98th %tile Delta-DV 2.082 4.188 2.106 2001 260 86 115 2.2 87.36 12.37 0.19 0.08
90th %tile Delta-DV 0.517 2.666 2.149 2001 205 58 47 2.4 92.58 6.69 0.54 0.19
2002
Largest Delta-DV 7.694 9.928 2.234 2002 73 63 52 2.8 40.95 58.83 0.16 0.06
98th %tile Delta-DV 3.703 5.937 2.234 2002 75 82 71 2.8 49.80 49.97 0.14 0.08
90th %tile Delta-DV 0.773 3.006 2.234 2002 91 82 71 2.8 47.25 52.60 0.09 0.06
TRNP ELKHORN RANCH
2000
Largest Delta-DV 5.037 7.270 2.234 2000 74 90 72 2.8 55.53 44.39 0.04 0.05
98th %tile Delta-DV 1.497 3.730 2.234 2000 69 90 72 2.8 37.02 62.75 0.16 0.07
90th %tile Delta-DV 0.349 2.519 2.170 2000 152 90 72 2.5 53.35 46.14 0.35 0.16
2001
Largest Delta-DV 3.117 5.350 2.234 2001 64 90 72 2.8 61.14 38.75 0.08 0.03
98th %tile Delta-DV 1.795 4.028 2.234 2001 84 90 72 2.8 39.07 60.70 0.15 0.07
90th %tile Delta-DV 0.272 2.399 2.127 2001 94 90 72 2.3 56.09 43.84 0.04 0.02
2002
Largest Delta-DV. 8.901 11.134 2.234 2002 73 90 72 2.8 43.67 56.12 0.16 0.05
98th %tile Delta-DV 3.057 5.291 2.234 2002 39 90 72 2.8 63.55 36.10 0.22 0.14
90th %tile Delta-DV 0.415 2.564 2.149 2002 198 90 72 2.4 93.95 5.38 0.47 0.20
LOSTWOOD NWA
2000
Largest Delta-DV 4.587 6.862 2.275 2000 47 97 79 2.9 67.76 32.07 0.11 0.06
98th %tile Delta-DV 1.965 4.240 2.275 2000 55 91 73 2.9 67.87 31.96 0.09 0.08
90th %tile Delta-DV 0.810 3.085 2.275 2000 65 91 73 2.9 61.71 38.02 0.17 0.11
2001
Largest Delta-DV 6.953 9.293 2.340 2001 327 99 81 3.2 47.65 52.21 0.09 0.04
98th %tile Delta-DV 2.731 5.070 2.340 2001 333 99 81 3.2 48.63 51.13 0.14 0.10
90th %tile Delta-DV 0.806 2.973 2.167 2001 240 91 73 2.4 70.59 29.06 0.23 0.11
2002
Largest Delta-DV 4.457 6.732 2.275 2002 74 97 79 2.9 52.05 47.83 0.07 0.04
98th %tile Delta-DV 2.318 4.550 2.232 2002 205 91 73 2.7 71.61 28.05 0.25 0.09
90th %tile Delta-DV 0.601 2.768 2.167 2002 218 99 81 2.4 84.33 15.25 0.21 0.22
Duration Events Largest Delta-DV
TRNP SOUTH UNIT TRNP ELKHORN RANCH
2000 2000
Number of days with Delta-Deciview > 0.50: 37 Number of days with Delta-Deciview > 0.50: 29
Number of days with Delta-Deciview > 1.00: 16 Number of days with Delta-Deciview > 1.00: 11
Max number of consecutive days with Delta-Deciview > 0.50: 3 Max number of consecutive days with Delta-Deciview > 0.50: 2
2001 2001
Number of days with Delta-Deciview > 0.50: 29 Number of days with Delta-Deciview > 0.50: 23
Number of days with Delta-Deciview > 1.00: 13 Number of days with Delta-Deciview > 1.00: 13
Max number of consecutive days with Delta-Deciview > 0.50: 3 Max number of consecutive days with Delta-Deciview > 0.50: 3
2002 2002
Number of days with Delta-Deciview > 0.50: 52 Number of days with Delta-Deciview > 0.50: 36
Number of days with Delta-Deciview > 1.00: 27 Number of days with Delta-Deciview > 1.00: 19
Max number of consecutive days with Delta-Deciview > 0.50: 4 Max number of consecutive days with Delta-Deciview > 0.50: 4
TRNP NORTH UNIT LOSTWOOD NWA
2000 2000
Number of days with Delta-Deciview > 0.50: 29 Number of days with Delta-Deciview > 0.50: 50
Number of days with Delta-Deciview > 1.00: 18 Number of days with Delta-Deciview > 1.00: 27
Max number of consecutive days with Delta-Deciview > 0.50: 2 Max number of consecutive days with Delta-Deciview > 0.50: 3
2001 2001
Number of days with Delta-Deciview > 0.50: 37 Number of days with Delta-Deciview > 0.50: 48
Number of days with Delta-Deciview > 1.00: 21 Number of days with Delta-Deciview > 1.00: 27
Max number of consecutive days with Delta-Deciview > 0.50: 4 Max number of consecutive days with Delta-Deciview > 0.50: 3
2002 2002
Number of days with Delta-Deciview > 0.50: 45 Number of days with Delta-Deciview > 0.50: 45
Number of days with Delta-Deciview > 1.00: 29 Number of days with Delta-Deciview > 1.00: 25
Max number of consecutive days with Delta-Deciview > 0.50: 4 Max number of consecutive days with Delta-Deciview > 0.50: 4

A-10




Minnkota Power Cooperative
Milton R. Young Unit 1

BART Run 4
2000-2002
SEQ ND % of Modeled Extinction by Species
DELTA-DV| DV(Total) | DV(BKG) | YEAR DAY RECEP | RECEP F(RH) [%_SO4 [% _NO3 [% PMC [%_PMF
TRNP SOUTH UNIT
2000
Largest Delta-DV 1.269 3.502 2.234 2000 74 51 105 2.8 37.96 61.85 0.09 0.09
98th %tile Delta-DV 0.265 2.499 2.234 2000 69 56 110 2.8 23.55 75.98 0.35 0.13
90th %tile Delta-DV 0.094 2.221 2.127 2000 109 53 107 2.3 9.18 88.60 1.69 0.53
2001
Largest Delta-DV 0.592 2.720 2.127 2001 112 51 105 2.3 23.91 75.37 0.57 0.15
98th %tile Delta-DV 0.344 2.620 2.276 2001 328 45 45 3 38.61 61.25 0.08 0.06
90th %tile Delta-DV 0.060 2.188 2.127 2001 101 45 45 2.3 50.01 49.86 0.07 0.06
2002
Largest Delta-DV 2.023 4.256 2.234 2002 78 45 45 2.8 32.34 67.42 0.14 0.10
98th %tile Delta-DV 0.847 3.081 2.234 2002 64 54 108 2.8 28.28 71.37 0.22 0.13
90th %tile Delta-DV 0.118 2.246 2.127 2002 118 53 107 2.3 41.52 58.16 0.20 0.12
TRNP NORTH UNIT
2000
Largest Delta-DV 1.116 3.349 2.234 2000 36 82 71 2.8 22.10 77.41 0.33 0.16
98th %tile Delta-DV 0.342 2.469 2.127 2000 98 84 113 2.3 23.30 75.97 0.57 0.16
90th %tile Delta-DV 0.068 2.196 2.127 2000 286 82 71 2.3 28.79 70.86 0.22 0.13
2001
Largest Delta-DV 0.849 3.082 2.234 2001 64 82 71 2.8 42.62 57.12 0.19 0.07
98th %tile Delta-DV 0.385 2.513 2.127 2001 109 63 52 2.3 22.79 76.20 0.74 0.28
90th %tile Delta-DV 0.079 2.185 2.106 2001 254 83 112 2.2 52.02 46.01 1.46 0.52
2002
Largest Delta-DV 1.894 4.128 2.234 2002 73 63 52 2.8 26.80 72.76 0.33 0.11
98th %tile Delta-DV 0.734 2.967 2.234 2002 75 82 71 2.8 32.58 67.06 0.23 0.13
90th %tile Delta-DV 0.131 2.237 2.106 2002 248 82 71 2.2 39.07 60.31 0.39 0.23
TRNP ELKHORN RANCH
2000
Largest Delta-DV 1.042 3.276 2.234 2000 74 90 72 2.8 39.92 59.91 0.08 0.09
98th %tile Delta-DV 0.246 2.480 2.234 2000 69 90 72 2.8 24.81 74.77 0.29 0.13
90th %tile Delta-DV 0.059 2.165 2.106 2000 239 90 72 2.2 67.12 32.25 0.41 0.22
2001
Largest Delta-DV 0.539 2.772 2.234 2001 64 90 72 2.8 46.77 53.00 0.16 0.07
98th %tile Delta-DV 0.304 2.538 2.234 2001 84 90 72 2.8 26.81 72.78 0.29 0.12
90th %tile Delta-DV 0.041 2.211 2.170 2001 153 90 72 2.5 63.10 35.53 0.99 0.38
2002
Largest Delta-DV. 2.175 4.409 2.234 2002 73 90 72 2.8 29.00 70.61 0.29 0.10
98th %tile Delta-DV 0.790 3.024 2.234 2002 39 90 72 2.8 32.31 67.19 0.32 0.18
90th %tile Delta-DV 0.071 2.198 2.127 2002 117 90 72 23 7.64 91.19 0.67 0.51
LOSTWOOD NWA
2000
Largest Delta-DV 1.446 3.721 2.275 2000 47 97 79 2.9 36.30 63.46 0.16 0.08
98th %tile Delta-DV 0.421 2.589 2.167 2000 217 91 73 2.4 58.25 40.61 0.85 0.28
90th %tile Delta-DV 0.139 2.479 2.340 2000 363 93 75 3.2 23.15 76.56 0.15 0.14
2001
Largest Delta-DV 2.207 4.547 2.340 2001 327 99 81 3.2 32.49 67.26 0.16 0.09
98th %tile Delta-DV 0.517 2.857 2.340 2001 355 93 75 3.2 14.59 84.46 0.71 0.23
90th %tile Delta-DV 0.141 2.480 2.340 2001 314 99 81 3.2 19.49 80.24 0.16 0.11
2002
Largest Delta-DV 0.857 3.133 2.275 2002 74 97 79 2.9 37.79 62.00 0.14 0.08
98th %tile Delta-DV 0.435 2.602 2.167 2002 239 93 75 2.4 56.71 42.83 0.32 0.14
90th %tile Delta-DV 0.102 2.248 2.145 2002 100 91 73 2.3 38.78 61.00 0.12 0.10
Duration Events Largest Delta-DV
TRNP SOUTH UNIT TRNP ELKHORN RANCH
2000 2000
Number of days with Delta-Deciview > 0.50: 4 Number of days with Delta-Deciview > 0.50: 2
Number of days with Delta-Deciview > 1.00: 2 Number of days with Delta-Deciview > 1.00: 1
Max number of consecutive days with Delta-Deciview > 0.50: 1 Max number of consecutive days with Delta-Deciview > 0.50: 1
2001 2001
Number of days with Delta-Deciview > 0.50: 4 Number of days with Delta-Deciview > 0.50: 1
Number of days with Delta-Deciview > 1.00: 0 Number of days with Delta-Deciview > 1.00: 0
Max number of consecutive days with Delta-Deciview > 0.50: 1 Max number of consecutive days with Delta-Deciview > 0.50: 1
2002 2002
Number of days with Delta-Deciview > 0.50: 12 Number of days with Delta-Deciview > 0.50: 9
Number of days with Delta-Deciview > 1.00: 5 Number of days with Delta-Deciview > 1.00: 4
Max number of consecutive days with Delta-Deciview > 0.50: 2 Max number of consecutive days with Delta-Deciview > 0.50: 2
TRNP NORTH UNIT LOSTWOOD NWA
2000 2000
Number of days with Delta-Deciview > 0.50: 6 Number of days with Delta-Deciview > 0.50: 3
Number of days with Delta-Deciview > 1.00: 2 Number of days with Delta-Deciview > 1.00: 1
Max number of consecutive days with Delta-Deciview > 0.50: 1 Max number of consecutive days with Delta-Deciview > 0.50: 2
2001 2001
Number of days with Delta-Deciview > 0.50: 4 Number of days with Delta-Deciview > 0.50: 9
Number of days with Delta-Deciview > 1.00: 0 Number of days with Delta-Deciview > 1.00: 4
Max number of consecutive days with Delta-Deciview > 0.50: 2 Max number of consecutive days with Delta-Deciview > 0.50: 2
2002 2002
Number of days with Delta-Deciview > 0.50: 10 Number of days with Delta-Deciview > 0.50: 3
Number of days with Delta-Deciview > 1.00: 4 Number of days with Delta-Deciview > 1.00: 0
Max number of consecutive days with Delta-Deciview > 0.50: 3 Max number of consecutive days with Delta-Deciview > 0.50: 1
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Minnkota Power Cooperative
Milton R. Young Unit 2

BART Run 4
2000-2002
SEQ ND % of Modeled Extinction by Species
DELTA-DV| DV(Total) | DV(BKG) | YEAR DAY RECEP | RECEP F(RH) [%_SO4 [% _NO3 [% PMC [%_PMF
TRNP SOUTH UNIT
2000
Largest Delta-DV 2.255 4.489 2.234 2000 74 51 105 2.8 40.92 58.76 0.15 0.17
98th %tile Delta-DV 0.569 2.845 2.276 2000 316 46 46 3 31.91 67.61 0.35 0.13
90th %tile Delta-DV 0.159 2.287 2.127 2000 98 47 101 2.3 37.13 62.29 0.38 0.21
2001
Largest Delta-DV 1.149 3.382 2.234 2001 64 46 46 2.8 47.43 52.13 0.31 0.13
98th %tile Delta-DV 0.667 2.900 2.234 2001 84 46 46 2.8 30.36 68.93 0.50 0.21
90th %tile Delta-DV 0.122 2.228 2.106 2001 248 48 102 2.2 87.52 10.40 1.33 0.76
2002
Largest Delta-DV 3.621 5.854 2.234 2002 78 45 45 2.8 35.44 64.14 0.25 0.17
98th %tile Delta-DV 1.612 3.846 2.234 2002 64 54 108 2.8 31.00 68.38 0.38 0.24
90th %tile Delta-DV 0.238 2.366 2.127 2002 118 53 107 2.3 44.33 55.09 0.35 0.22
TRNP NORTH UNIT
2000
Largest Delta-DV 1.716 3.949 2.234 2000 36 82 71 2.8 25.66 73.41 0.63 0.30
98th %tile Delta-DV 0.687 2.921 2.234 2000 74 67 56 2.8 41.89 57.84 0.12 0.16
90th %tile Delta-DV 0.132 2.281 2.149 2000 187 58 47 2.4 90.71 7.99 0.83 0.47
2001
Largest Delta-DV 1.644 3.877 2.234 2001 64 82 71 2.8 45.70 53.86 0.31 0.13
98th %tile Delta-DV 0.706 2.833 2.127 2001 109 58 47 2.3 26.13 72.08 1.27 0.52
90th %tile Delta-DV 0.162 2.268 2.106 2001 230 82 71 2.2 86.55 10.92 1.72 0.80
2002
Largest Delta-DV 3.194 5.427 2.234 2002 73 63 52 2.8 29.97 69.30 0.54 0.19
98th %tile Delta-DV 1.397 3.630 2.234 2002 75 82 71 2.8 35.54 63.80 0.42 0.24
90th %tile Delta-DV 0.213 2.341 2.127 2002 110 82 71 2.3 48.55 50.84 0.42 0.18
TRNP ELKHORN RANCH
2000
Largest Delta-DV 1.926 4.160 2.234 2000 74 90 72 2.8 43.05 56.66 0.13 0.16
98th %tile Delta-DV 0.487 2.720 2.234 2000 69 90 72 2.8 27.15 72.11 0.51 0.23
90th %tile Delta-DV 0.097 2.225 2.127 2000 110 90 72 2.3 8.76 86.96 3.19 1.10
2001
Largest Delta-DV 1.066 3.299 2.234 2001 64 90 72 2.8 49.81 49.79 0.28 0.12
98th %tile Delta-DV 0.594 2.827 2.234 2001 84 90 72 2.8 29.11 70.18 0.50 0.22
90th %tile Delta-DV 0.082 2.358 2.276 2001 345 90 72 3 39.25 59.94 0.61 0.20
2002
Largest Delta-DV 3.812 6.046 2.234 2002 73 90 72 2.8 31.97 67.35 0.50 0.18
98th %tile Delta-DV 1.447 3.680 2.234 2002 39 90 72 2.8 37.08 61.97 0.59 0.35
90th %tile Delta-DV 0.133 2.282 2.149 2002 189 90 72 2.4 90.95 6.52 1.77 0.76
LOSTWOOD NWA
2000
Largest Delta-DV 2.302 4.577 2.275 2000 47 97 79 2.9 39.98 59.59 0.29 0.14
98th %tile Delta-DV 0.731 3.007 2.275 2000 48 99 81 2.9 39.13 60.53 0.22 0.12
90th %tile Delta-DV 0.264 2.604 2.340 2000 359 97 79 3.2 21.84 77.89 0.13 0.14
2001
Largest Delta-DV 3.339 5.679 2.340 2001 327 99 81 3.2 35.97 63.60 0.28 0.16
98th %tile Delta-DV 0.863 3.138 2.275 2001 89 99 81 2.9 34.01 65.28 0.49 0.22
90th %tile Delta-DV 0.264 2.409 2.145 2001 96 99 81 2.3 34.38 63.87 1.21 0.55
2002
Largest Delta-DV 1.635 3.910 2.275 2002 74 97 79 2.9 40.73 58.89 0.24 0.14
98th %tile Delta-DV 0.756 3.031 2.275 2002 76 99 81 2.9 33.01 65.91 0.83 0.25
90th %tile Delta-DV 0.201 2.476 2.275 2002 52 97 79 2.9 41.69 58.00 0.19 0.12
Duration Events Largest Delta-DV
TRNP SOUTH UNIT TRNP ELKHORN RANCH
2000 2000
Number of days with Delta-Deciview > 0.50: 9 Number of days with Delta-Deciview > 0.50: 7
Number of days with Delta-Deciview > 1.00: 3 Number of days with Delta-Deciview > 1.00: 2
Max number of consecutive days with Delta-Deciview > 0.50: 1 Max number of consecutive days with Delta-Deciview > 0.50: 1
2001 2001
Number of days with Delta-Deciview > 0.50: 10 Number of days with Delta-Deciview > 0.50: 8
Number of days with Delta-Deciview > 1.00: 3 Number of days with Delta-Deciview > 1.00: 1
Max number of consecutive days with Delta-Deciview > 0.50: 2 Max number of consecutive days with Delta-Deciview > 0.50: 2
2002 2002
Number of days with Delta-Deciview > 0.50: 21 Number of days with Delta-Deciview > 0.50: 17
Number of days with Delta-Deciview > 1.00: 12 Number of days with Delta-Deciview > 1.00: 9
Max number of consecutive days with Delta-Deciview > 0.50: 3 Max number of consecutive days with Delta-Deciview > 0.50: 2
TRNP NORTH UNIT LOSTWOOD NWA
2000 2000
Number of days with Delta-Deciview > 0.50: 12 Number of days with Delta-Deciview > 0.50: 16
Number of days with Delta-Deciview > 1.00: 5 Number of days with Delta-Deciview > 1.00: 2
Max number of consecutive days with Delta-Deciview > 0.50: 1 Max number of consecutive days with Delta-Deciview > 0.50: 2
2001 2001
Number of days with Delta-Deciview > 0.50: 13 Number of days with Delta-Deciview > 0.50: 22
Number of days with Delta-Deciview > 1.00: 4 Number of days with Delta-Deciview > 1.00: 6
Max number of consecutive days with Delta-Deciview > 0.50: 2 Max number of consecutive days with Delta-Deciview > 0.50: 3
2002 2002
Number of days with Delta-Deciview > 0.50: 25 Number of days with Delta-Deciview > 0.50: 19
Number of days with Delta-Deciview > 1.00: 9 Number of days with Delta-Deciview > 1.00: 3
Max number of consecutive days with Delta-Deciview > 0.50: 4 Max number of consecutive days with Delta-Deciview > 0.50: 3
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Minnkota Power Cooperative
Milton R. Young Unit 1 & 2

BART Run 5
2000-2002
SEQ ND % of Modeled Extinction by Species
DELTA-DV| DV(Total) | DV(BKG) [ YEAR DAY RECEP | RECEP F(RH) [%_SO4 [% _NO3 [%_PMC [%_PMF
TRNP SOUTH UNIT
2000
Largest Delta-DV 3.279 5.513 2.234 2000 74 51 105 2.8 39.91 59.82 0.13 0.14
98th %tile Delta-DV 0.817 3.092 2.276 2000 316 45 45 3 31.35 68.24 0.30 0.11
90th %tile Delta-DV 0.241 2.369 2.127 2000 109 53 107 2.3 9.98 86.72 2.50 0.80
2001
Largest Delta-DV 1.671 3.905 2.234 2001 64 46 46 2.8 46.41 53.21 0.27 0.11
98th %tile Delta-DV 0.987 3.221 2.234 2001 84 46 46 2.8 29.56 69.83 0.43 0.18
90th %tile Delta-DV 0.179 2.285 2.106 2001 248 48 102 2.2 87.47 10.70 1.17 0.66
2002
Largest Delta-DV 5.058 7.291 2.234 2002 78 45 45 2.8 34.50 65.14 0.21 0.15
98th %tile Delta-DV 2.336 4.569 2.234 2002 64 54 108 2.8 30.11 69.36 0.33 0.21
90th %tile Delta-DV 0.354 2.481 2.127 2002 118 53 107 2.3 43.40 56.11 0.30 0.19
TRNP NORTH UNIT
2000
Largest Delta-DV 2.656 4.889 2.234 2000 36 82 71 2.8 24.37 74.87 0.51 0.25
98th %tile Delta-DV 0.979 3.212 2.234 2000 74 67 56 2.8 40.71 59.06 0.10 0.14
90th %tile Delta-DV 0.200 2.434 2.234 2000 65 82 71 2.8 34.83 63.06 1.36 0.75
2001
Largest Delta-DV 2.367 4.601 2.234 2001 64 82 71 2.8 44.70 54.92 0.27 0.11
98th %tile Delta-DV 1.058 3.186 2.127 2001 109 58 47 2.3 25.40 73.08 1.08 0.44
90th %tile Delta-DV
2002
Largest Delta-DV 4.597 6.831 2.234 2002 73 63 52 2.8 28.90 70.47 0.46 0.16
98th %tile Delta-DV 2.031 4.265 2.234 2002 75 82 71 2.8 34.66 64.78 0.36 0.20
90th %tile Delta-DV 0.330 2.500 2.170 2002 154 82 71 2.5 45.03 54.16 0.59 0.23
TRNP ELKHORN RANCH
2000
Largest Delta-DV 2.791 5.025 2.234 2000 74 90 72 2.8 42.02 57.73 0.11 0.14
98th %tile Delta-DV 0.721 2.954 2.234 2000 69 90 72 2.8 26.39 72.98 0.43 0.20
90th %tile Delta-DV 0.178 2.454 2.276 2000 316 90 72 3 30.15 69.40 0.33 0.12
2001
Largest Delta-DV 1.551 3.784 2.234 2001 64 90 72 2.8 48.82 50.84 0.24 0.10
98th %tile Delta-DV 0.880 3.113 2.234 2001 84 90 72 2.8 28.37 71.02 0.43 0.19
90th %tile Delta-DV 0.126 2.296 2.170 2001 153 90 72 2.5 64.15 33.83 1.44 0.57
2002
Largest Delta-DV 5.337 7.570 2.234 2002 73 90 72 2.8 31.03 68.39 0.43 0.15
98th %tile Delta-DV 2.020 4.254 2.234 2002 39 90 72 2.8 37.65 61.51 0.53 0.31
90th %tile Delta-DV 0.195 2.343 2.149 2002 189 90 72 2.4 91.03 6.75 1.56 0.66
LOSTWOOD NWA
2000
Largest Delta-DV 3.458 5.734 2.275 2000 47 97 79 2.9 38.71 60.93 0.24 0.12
98th %tile Delta-DV 1.161 3.437 2.275 2000 37 97 79 2.9 23.36 76.08 0.37 0.18
90th %tile Delta-DV 0.393 2.669 2.275 2000 67 97 79 2.9 36.18 63.42 0.25 0.14
2001
Largest Delta-DV 4.964 7.304 2.340 2001 327 99 81 3.2 34.66 64.98 0.23 0.13
98th %tile Delta-DV 1.332 3.608 2.275 2001 89 93 75 2.9 31.34 68.02 0.45 0.19
90th %tile Delta-DV 0.411 2.751 2.340 2001 314 99 81 3.2 20.85 78.74 0.24 0.17
2002
Largest Delta-DV 2.366 4.642 2.275 2002 74 97 79 2.9 39.77 59.90 0.21 0.12
98th %tile Delta-DV 1.140 3.285 2.145 2002 131 99 81 2.3 30.86 67.70 1.10 0.34
90th %tile Delta-DV 0.303 2.578 2.275 2002 52 97 79 2.9 40.58 59.15 0.17 0.10
Duration Events Largest Delta-DV
TRNP SOUTH UNIT TRNP ELKHORN RANCH
2000 2000
Number of days with Delta-Deciview > 0.50: 17 Number of days with Delta-Deciview > 0.50: 10
Number of days with Delta-Deciview > 1.00: 6 Number of days with Delta-Deciview > 1.00: 7
Max number of consecutive days with Delta-Deciview > 0.50: 2 Max number of consecutive days with Delta-Deciview > 0.50: 2
2001 2001
Number of days with Delta-Deciview > 0.50: 13 Number of days with Delta-Deciview > 0.50: 12
Number of days with Delta-Deciview > 1.00: 7 Number of days with Delta-Deciview > 1.00: 6
Max number of consecutive days with Delta-Deciview > 0.50: 2 Max number of consecutive days with Delta-Deciview > 0.50: 2
2002 2002
Number of days with Delta-Deciview > 0.50: 26 Number of days with Delta-Deciview > 0.50: 19
Number of days with Delta-Deciview > 1.00: 18 Number of days with Delta-Deciview > 1.00: 14
Max number of consecutive days with Delta-Deciview > 0.50: 3 Max number of consecutive days with Delta-Deciview > 0.50: 2
TRNP NORTH UNIT LOSTWOOD NWA
2000 2000
Number of days with Delta-Deciview > 0.50: 15 Number of days with Delta-Deciview > 0.50: 24
Number of days with Delta-Deciview > 1.00: 7 Number of days with Delta-Deciview > 1.00: 10
Max number of consecutive days with Delta-Deciview > 0.50: 2 Max number of consecutive days with Delta-Deciview > 0.50: 2
2001 2001
Number of days with Delta-Deciview > 0.50: 19 Number of days with Delta-Deciview > 0.50: 28
Number of days with Delta-Deciview > 1.00: 8 Number of days with Delta-Deciview > 1.00: 14
Max number of consecutive days with Delta-Deciview > 0.50: 2 Max number of consecutive days with Delta-Deciview > 0.50: 3
2002 2002
Number of days with Delta-Deciview > 0.50: 28 Number of days with Delta-Deciview > 0.50: 25
Number of days with Delta-Deciview > 1.00: 18 Number of days with Delta-Deciview > 1.00: 11
Max number of consecutive days with Delta-Deciview > 0.50: 4 Max number of consecutive days with Delta-Deciview > 0.50: 4
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Appendix B

Detailed Description of SQ Control Technologies






Conventional Wet Scrubber (Wet FGD)
Wet FGD technology utilizing lime or limestone &g treagent and employing forced oxidation to
produce gypsum (calcium sulfate dihydrate, Ca2B0) as the byproduct, is a common method of SO

control for coal-fired boilers. The gypsum byprotlis either landfilled or sold for commercial reus

A flow diagram of the wet FGD process is providedhe below figure. In the wet FGD process, arglur
of finely ground reagent (typically limestone an#&) in water is recirculated through an absorbeeto
where it is brought into turbulent contact with thee gas. The contact between the flue gas aamd th
slurry cools and saturates the gas via evaporafisrater from the slurry. SQs simultaneously
absorbed into the slurry where it forms sulfurocisl avhich reacts with the reagent, forming calcium
sulfite hemihydrate (CaS®/2H,0), which can then be disposed of as a waste ptaduxidized to
calcium sulfate dihydrate, or gypsum, (Ca&Bi,0) before disposal or for commercial reuse. No
commercial uses for sulfite waste products have ldentified. Disposal of the sulfite waste can be
somewhat difficult because of the thixotropic nataf the material. Sulfite wastes are often comdin
with fly ash to form a more easily handled wastésoDisposal of the sulfate, or gypsum, as a wéasia
bit more straightforward. The gypsum, dependingruits cleanliness, can be sold as a raw matenial f
the manufacture of wallboard or cement. Wheregsasn product is desired, the most common approach
is to sparge the reaction tank, or a separatergbdink with compressed air to convert the sulfitste.

Such systems are often referred to as LimestoneeBdDxidation (LSFO) systems.

Wet FGD Process Flow Diagram
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In a limestone scrubber, as the limestone in thieadating slurry is depleted, it is replenisheidhwresh
slurry prepared by wet grinding of crushed limestosing reclaimed liquid from the dewatering system
Fresh water is also required to replace waterttostvaporation in the flue gas cooling proces®skr
water is often used to wash the mist eliminatoesjakes located at the scrubber exit to captureyslur
droplets entrained in the exiting flue gas streah return them to the scrubber. The mist eliminato
wash removes accumulated materials from the misiretor chevrons, thus preventing solids buildup
and pluggage. In addition, depending upon thesraircontent of the coal, a portion of the reclaime
liquid may be blown down, or disposed of, to prévertessive accumulation of mineral salts in the
slurry which could result in mineral scaling or @mion within the absorber equipment. The blow dow
rate varies with each plant. Fresh water makeatih through the mist eliminator wash system anithén

limestone grinding process, replaces the blow damdhevaporative losses.

Lime scrubbers are very similar to limestone sceubb The use of lime rather than limestone canaed
the liquid-to-gas ratio and/or absorber size reglio achieve a given $S@moval rate. Lime is
sometimes used in wet FGD systems where extrenigy30 removal rates are desired or where
limestone is not readily available. However, sitig® is more expensive than limestone, the reagent
cost is much higher for a lime system. Therefdre Mast majority of wet FGD systems are designed to

use limestone as the neutralizing reagent.

Advantages of the wet FGD systems include loweratpey costs,
primarily due to the ability to use limestone irztef lime as a
reagent, the production of a salable by-productragld removal
efficiency. Also, wet FGD systems have a high toemd capability
and plant operational flexibility is not hinderedthe same degree as
the semi-dry, CFB and FDA processes. This lashathge is
important where wet FGD systems are applied to fololwing

units.

Disadvantages of wet FGD systems include corrodimto a wet

environment with corrosive chemicals including salt sulfurous
and sulfuric acid and hydrochloric acid. Also, &ese the wet systems are more mechanically complex,
they typically require larger maintenance staffitlsame of the other alternatives. The greater
mechanical complexity also contributes to a greeapital cost for wet FGD systems. Finally, beeaus

wet FGD systems completely saturate the flue gaarst, nearly all the Sr H,SO, vapor in the
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entering flue gas is condensed into aerosol dreplkich are too small to be efficiently capturedha
scrubber. Fifty percent or more of these droplesspghrough the scrubber. Where units are bultrigty

sulfur fuels, this can cause a plume opacity proble

Wet FGD systems saturate the flue gas stream woiktore and as a result, operate with a wet stack.
Two problems can occur with a wet stack. The fggintrainment of condensed liquids from the stack
liner interior. The pressure of the flue gas cleangs it traverses the stack and additional meistur
condenses as a result. Some of that condensattomsoon the interior of the stack liner becaus® it
normally a bit cooler than the flue gas. The corséel liquid runs down the interior of the liner and
significant fraction can become entrained in tlie {jas stream, especially where droplets gathénen
surface irregularities such as mortar joints betwagcks. Wet stacks are typically designed toehfam
load flue gas velocities of no more than approxetya60 feet per second to combat this reentrainment

Conventional Dry Scrubbers (Dry FGD)
As an alternative to wet FGD technology, the cdraf&0O, emissions can be accomplished using semi-
dry FGD technology. The most common semi-dry F@&esm is the lime Spray Dryer Absorber (SDA)

using a Fabric Filter (FF) for downstream partitelleollection. The

semi-dry FGD process became popular in the U.Snbim in the late

1970s as a way to comply with the New Source Perdoce Standards | =
(NSPS) for electric utility steam generating umdiswhich construction ;‘HF‘H‘“
commenced after September 18, 1978 (40 CFR Pa8uipart Da). i =

These standards require that all new coal-firedteteutility boilers be

equipped with a “continuous system of emission céda” for SQ..

However, the standards allowed S@®moval efficiency as low as 70
percent for facilities burning low-sulfur coal. &kemi-dry FGD
process could meet this requirement, and was sitatted as the SO
control technology for many new coal-fired poweangk that were built
in the 1970s and 1980s and designed to burn lofursukstern coal.  Typical SDA at a 533 Mive power plant
In the late 1980s and through the 1990s, mosteohéw coal-fired e CasehReerbie

boilers built in the U.S. were for small Independeawer Producer (IPP) projects, and many of these

also selected the semi-dry FGD process.
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Spray Dryer Absorber

There are several variations of the semi-dry preaesise today. This section addresses the spyay d
absorber (SDA) process. Two other variationsRlash Dryer Absorber (FDA) and Circulating
Fluidized Bed (CFB) Scrubber are addressed inviofig sections. They primarily differ by the type o
reactor vessel used, the method in which watediareare introduced into the reactor and the degfee

solids recycling.

A schematic diagram of the spray dryer absorberge®is provided in the below figure. In the spray
dryer absorber process, boiler flue gas is intredunto a Spray Dryer Absorber (SDA) into which
hydrated lime (calcium hydroxide, Ca(QMHand water are added as dispersed droplets. afeH),
reacts with S@that has been absorbed into the water to formariiyncalcium sulfite and some calcium
sulfate. The heat from the flue gas causes thent@tevaporate, cooling the gas and drying thetica
products. Because the total water feed rate idrtaveer than that of the wet FGD process, the feact
products are dried in the SDA and the flue gasig partially saturated. The amount of water adabed
the process is carefully controlled so that the fijas temperature is maintained well above theatain,
or dewpoint, temperature (typically 30-#above saturation) to avoid corrosion problemeoli@ig the
gas to this point significantly increases the, 8@ntrol efficiency over injection of lime into hatry flue
gas. The reaction product leaves the SDA as fipgadrticles entrained in the flue gas. The flas g
enters the SDA at the top and flows downward, awecu with the introduced lime slurry. This
characteristic is the opposite of the wet FGD systéhich introduces flue gas into the bottom of the

absorber, countercurrent to the falling slurry gpra



Spray Dryer Absorber Process Flow Diagram
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In the lime spray drying process, quicklime (Ca®©3laked with water to form lime slurry which igth
injected into the SDA along with additional watkraugh a rotary atomizer or dual fluid nozzle onithr
apparatus. Recycled particulate matter (R the PMcontrol equipment downstream of the SDA is
often mixed with the lime slurry before injectiamnte the SDA to provide additional surface area3J0x
absorption. The flue gas is introduced into théASiDa manner designed to maximize the contact
between the gas and the droplets and to prevemy stapingement on the walls of the SDA. The
turbulent mixing of the flue gas and the slurryplets promotes rapid absorption of Sfto the water of
the slurry droplets. The chemical reactions betwiee absorbed S@nd the calcium hydroxide take
place within the droplet as the flue gas movesugihathe SDA. The flue gas is cooled and partially
humidified as the water evaporates, leaving a méxtd fly ash and dry powdered reaction product
entrained in the flue gas. Some of the solid pledifall to the bottom of the reactor and areemtéd by
a waste handling system. Entrained particles @lieated in an electrostatic precipitator (ESPjadaric
filter (FF) downstream of the SDA.

An additional distinguishing characteristic of tBBA is that it must be located upstream of a paldie
control device, as opposed to the wet FGD procésshws normally the last flue gas treatment preces
before discharge to the stack. For new plants,gbint is not of such great importance. Howewéien
retrofitting FGD equipment to an existing coal-firglant, which already has particulate control

equipment installed, this becomes an importanttpdira suitable location exists for the insertimina
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new SDA upstream of an existing PM control deviang] if the performance of the existing PM control
device would not be overly degraded by the additiétvl loading, then the retrofit process would ésins
only of installation of the SDA, reagent prepamatand waste handling systems. However, many times
one, or both, of these conditions do not existthiedchoice to utilize an SDA requires the instalabf a
new PM control device, such as an ESP or fabtierfilWhere this situation exists, the capital afshe

SDA option increases significantly.

Semi-dry processes have some notable advantaggmoeito wet FGD processes including a dry
byproduct which can be handled with conventionhlfzndling systems. Because the semi-dry system
does not have a truly wet zone, corrosion problientise SDA are eliminated, or significantly reductx

the point exotic materials of construction are megjuired. Spray dryer systems utilize less complex
equipment resulting in a reduced capital cost dleeveng somewhat smaller operations and maintenance
staff. Where a fabric filter is utilized as thendtstream particulate control device for a semijuhgycess,
the lime content of the filter cake on the fabiitef reacts with condensed $i@ the flue gas stream
capturing and neutralizing much of the acid aero§&tnsequently, semi-dry FGD options, paired \aith

fabric filter for PM control, have very low emissi® of acid aerosols.

The primary disadvantages of the lime spray dryecgss make it less likely to be applied to largeer
plant boilers, especially those firing high-suléaral. The lime spray dryer requires the use ogJim

which is typically much more expensive than limesto While lime contains approximately 1.8 times
more calcium than limestone on a mass basis, lanecost up to five times more than limestone on a
mass basis. Therefore, reagent costs for a lireedoprocess are typically higher than a limestamed

process for a given application.

Wastes from semi-dry processes have very limitesbipdity for reuse due to fly ash contamination.
Also, where fly ash might be sold for other usesitamination with the semi-dry FGD reaction product
typically eliminates commercial options for reud&here fly ash sales are to be maintained, a seebhd
control device would be required for the semi-dGFsystem exhaust stream, increasing both capital
and O&M costs.

Spray dryer absorbers have much more stringentisitations than wet FGD scrubbers. Typically
units larger than 250 to 300 MW will require atdetwo SDA vessels, thus driving up capital cosis a
system complexity for larger units, while wet FGt&ems can handle up to 1000 MW in a single

absorber module. SDAs do not have the same tumadagabilities as wet FGD absorbers, further
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limiting applicability for load following units. iRally, lime spray dryer systems do not have thaesa
level of experience with high S@moval requirements in high sulfur applicatiomattwet FGD systems

have.

Flash Dryer Absorber

The Flash Dryer Absorber (FDA) is a further develgmt of the lime spray dryer process. The approach
is similar in that the flue gas is only partialgtsrated during the process and thus corrosiongmrabare
either reduced or eliminated. Like the SDA, wasikds from the particulate control process can be
added to the reagent feed stream to the reactorlagto the SDA, the FDA mixes lime, water and
recycled PM for enhanced surface area. Recycled®hb with absorption products and unreacted
lime, are collected downstream of the FDA and aldiz fraction recycled to the FDA. Unlike the SDA,
the FDA recycles a very high fraction of the captuPM Because of this, the ratio of solids to liquid in
the reagent stream injected into the FDA reactamish higher than the SDA. The ratio is so much
higher that the wetted recycled solids appear ta tiatively dry free flowing stream after wettimgthe
mixing stage’® Because the reagent stream starts off much higrsatids, the liquid film thickness on
the wetted solids is much thinner and the dryingetfor the injected solids is much shorter thaypical
SDA. This allows the FDA to function with a sigicdintly smaller reactor compared to the typical SDA
absorber vessel. Like the SDA, the water injectate of the FDA is controlled to lower the fluesga
temperature to optimize the $€ontrol efficiency while avoiding saturation argtaccompanying
corrosion problems. Unlike the SDA, the flue dasvk vertically upward in the FDA. The figure belo

is a schematic presentation of the FDA design.

14“Use of a Circulating Fluid Bed for Flue Gas Desulfuriaati Toher, John, G. Lurgi-Lentjes N. America.
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Flash Dryer Absorber FGD Process Flow Diagram
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The FDA utilizes quicklime (CaO) instead of hyddhtene as a reagent. The reasoning given forithis
the designers is that when purchasing lime, althdbg price per ton is similar, the quicklime h2%a3
more calcium (S@neutralization component) per ton than hydratertli Also, because quicklime is
denser (900-1,200 kgffor quicklime vs. 450-640 kgffrfor hydrated lime), both transport and onsite
storage capacity requirements can be smaller. Menydirect injection of quicklime has resultedess
efficient reagent utilization compared to hydralietk use. This is theorized to be due to hot spots
created in the reaction zone by the hydration efghicklime. The heat of hydration of quicklime is
approximately 1.1 mmBtu/ton, so there is considerakat evolved during the hydration step. To @voi
adding this heat to the flue gas or creating hotssfhat could reduce lime utilization, the FDA ides
incorporates a separate lime hydration stage wihere than the stoichiometrically required amount of
water is added to the quicklime in stages. Thesamichiometric water is heated during the slgkin
process and evaporates, leaving dry hydrated liffe hydrated lime, recycled solids and water laea t

combined in a mixing vessel just prior to injectiato the reactor.

Like the SDA, the FDA must be followed by a Rbhtrol device to capture the dry solids in the FDA
exhaust. The great majority of these solids argaled back to the FDA. The non recycled fraci®a
mixture of calcium sulfite/sulfate solids, unreattiene and fly ash for which limited possibilitiésr
reuse exist. Also, in those instances where fiysades produce an income for the power plant tiacdi
of the FDA solids to the fly ash will likely rendére waste solids stream without value. Whereptast

receives revenue from fly ash sales, the lost nexevould be an additional cost of FDA implementatio



The FDA is a relatively recent modification of themi-dry FGD concept and as such, has not estallish
a significant field record at this time. In thpaper on FDA technology in 2062AIstom cited a 280

MW plant in China with an 85% S@emoval efficiency. This plant had an FDA ingtdllupstream of an
ESP. Dry and semi-dry scrubbers installed upstreanfabric filter have been consistently shown to
achieve approximately 5-10% greater acid gas rehedfiaiency due to absorption and neutralization
taking place in the filter cake of the fabric filteTypically ESPs downstream of an FDA or other air

semi-dry SQ scrubbing system are attributed no more than 5%r&®@oval efficiency.

Advantages of the FDA over wet FGD systems arelairno those for the semi-dry process described
previously, including ease of byproduct handlingicimless aggressive corrosion conditions allowirgy t
use of more common, less expensive materials aftogetion, less complex equipment, and potentially
enhanced S¢£control when combined with a fabric filter. FDA\antages also include a significantly
smaller reactor/absorber which translates intorgetaarea requirement than either wet or semi-drp FG

systems, though manufacturers often provide meltidA’s, even on smaller units.

Disadvantages of the FDA, when compared to theR@ system are similar to those described for the
semi-dry process, including reactor size limitasiolower turndown ratio, more expensive reagert, an

lack of byproduct market value.

Circulating Fluidized Bed Absorber (CFB)

In the circulating fluidized bed dry scrubbing pess, the flue gas is introduced into the bottora of
reactor vessel at high velocity through a ventodzie, and mixed with water, hydrated lime, recgcle
flyash and FGD reaction products. High velocityvement of the gas through the reactor suspends the
solids creating a fluidized bed. A CFB absorbessetwould be a smaller diameter than the SDA
discussed previously in this report. A schemapresentation of the CFB process is shown in thebe
figure. The smaller diameter absorber helps mairtigher flue gas velocities required to maintkie
fluidized bed. Water injected into the venturidat cools the flue gas and wets the recycled ssiiddar
to the process described previously for the FDAy, [Ppowdered, hydrated lime is injected into thd be
near the bottom of the absorber vessel, aboveahtisi, and dissolves in the thin water film on the
recycled solids. Sgfrom the flue gas is also absorbed into the eatjpray water film and reacts with the

lime to produce both calcium sulfite and sulfat@cteon products. Flue gas temperatures are typical

15«plstom Power's Flash Dryer Absorber For Flue Gas Desiaffition”, Ahman, Barranger and Marin,
Proceedings of IJPGC '02, June 24-26, 2002.

B-9



reduced from 308F to approximately 16€F to optimize S@removal efficiency. The evaporation of the
water cools and partially humidifies the flue gad aaintains the bed in a slightly moist, powdery
condition. The continuous motion of the bed hgps/ent solids deposition inside the absorber and
promotes regeneration of the particle surfacespsrg additional lime to react with absorbed,SO
Particles that are entrained in the flue gas lenthe top of the reactor are collected in an ESRanic
filter downstream of the CFB absorber. A largetiporof the collected particles is recycled to the
reactor, sustaining the bed and improving limaaailon. CFB absorbers have been installed with bo

fabric filters and ESPs for particulate control.

Circulating Fluidized Bed FGD System
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The CFB absorber dry scrubbing process utilizesdads fluidized particles to provide an extended
surface area for wetting, evaporation and 8ksorption. The extended surface decreaseanke ti
required for S@absorption. Even though the gas velocity is highan a wet FGD absorber or an SDA,
the CFB absorber is not taller than either of thessels.
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The CFB has many of the same advantages of the&@®IdA-DA such as a dry byproduct, simplified
waste handling systems and conventional materfaisrstruction. CFBs also have less rotating
equipment than wet FGD or SDA systems, thus siyiplif maintenance requirements somewhat. Like
the SDA and FDA, the CFB application with a faldifter for particulate collection will also achiewery
good acid aerosol control. Unlike the SDA the Gfes not require dual fluid nozzles or atomizers in
the absorber. This feature simplifies the absontentenance of a CFB over that of the SDA. Also,
because lime and water are injected separatelyhet@€FB, increased reagent requirements can be met

without increasing saturation of the flue gas.

Disadvantages of the CFB process include highgrergtacost and lower utilization than SDAs in simila
applications and more limited turndown capabilityi.a recent studythe National Lime Association
determined that compared to CFBs in similar appbos, the SDA achieved slightly lower S@moval
with slightly better reagent utilization. Becau®€Bs must maintain gas velocities within a fluidii
range, a flue gas recycle duct from the absorbleast to the inlet is sometimes included to allow f
partial recycle of flue gas to maintain bed velpeind improve the turndown ratio. Similar to tH2/S
and FDA processes, CFBs are size limited and nhelltipsorbers are required for applications larigen t
250-300 MW.

An additional disadvantage of the CFB is pressuogp.d Because the CFB must maintain the fluidized
bed condition, the pressure drop across the absisrbgoically 8-10 in. w.g. compared to an SDA6a

in. w.g. and a wet FGD system at approximately. 6vig.

Powerspan Electro-Catalytic Oxidation (ECO™) System

The Powerspan Electro-Catalytic Oxidation (ECO ™}eysis a multipollutant control technology
designed to control emissions of N&O,, fine particulate, mercury and certain HazardoirsPallutants
(HAPs). The ECO™ process has two main process lgesskarrier discharge reactor and a multi-level

wet scrubber.

Powerspan is also making the technology availairiey¥stems that do not require N@moval by
removing the barrier discharge reactor. Powersgfgms a routine S£removal efficiency of 98% with

inlet concentrations up to approximately 2,000 ppm.

16 “Economics of Lime and Limestone for Control of Sulfupgide”; DePriest, William & Gaikwas, Rajendra P;
National Lime Associationsww.lime.org/NLADryFGD.PDF; September, 2002.
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The system utilizes aqueous ammonia as a reagemoin
scrubber loops, with varying pH to control collecti
efficiency in the lower and upper loops. The amiaon
reacts with the collected $@ aqueous solution to

produce ammonium sulfate as a byproduct.

The ammonium sulfate is then salable as fertiliters
turning byproduct disposal into a profitable veetéor
system operators. Captured mercury and otherzeddi
metals are removed from the scrubber bleed streigm w §
activated carbon and disposed of as a hazardous.was ‘
Ash and insoluble metals are filtered from the Bber
bleed stream before fertilizer production and désubof
with other particulate wastes from upstream paldieu

control equipment. The ammonium sulfate can be asl

50-MW ECO Demo at FirstEnergy's R.E. Burger Plant

an aqueous product or crystallized, granulatedsaiutl
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Appendix C
CUECost Model Input Summary






APC Technology Choices

Description Units Case : Case . Case ! Case ¢
FGD Process Integer 1 2 1 1
(1 = LSFO, 2 = LSD)
Particulate Control Integer 2 1 2 2
(1 = Fabric Filter, 2 = ESP)
NOx Control Integer 2 2 2 2
(1 =SCR, 2 =SNCR, 3 =LNBs, 4 = NGR)
INPUTS
Description Units Case ! Case . Case ! Case ¢
General Plant Technical Inputs
Location - State Abbrev. ND ND ND ND
MW Equivalent of Flue Gas to Control System MW 257 257 477 477
Net Plant Heat Rate Btu/kWhr 11,498 11,498 10,813 10,813
Plant Capacity Factor % 85% 85% 85% 85%
Total Air Downstream of Economizer % 120% 120% 120% 120%
Air Heater Leakage % 0% 0% 0% 0%
Air Heater Outlet Gas Temperature °F 300 300 300 300
Inlet Air Temperature °F 80 80 80 80
Ambient Absolute Pressure In. of Hg 27.86 27.86 27.86 .8@7
Pressure After Air Heater In. of H20 -12 -12 -12 -12
Moisture in Air Ib/Ib dry air 0.013 0.013 0.013 0.013
Ash Split:
Fly Ash % 49% 49% 49% 49%
Bottom Ash % 51% 51% 51% 51%
Seismic Zone Integer 0 0 0 0
Retrofit Factor Integer 1.3 1.3 1.3 1.3
(1.0 = new, 1.3 = medium, 1.6 = difficult)
Select Coal Integer 7 7 7 7
Is Selected Coal a Powder River Basin Coal? Yes / No No No No No
Economic I nputs
Cost Basis -Year Dollars Year 2007 2007 2007 2007
Sevice Life (levelization period) Years 20 20 20 20
Inflation Rate % 3% 3% 3% 3%
After Tax Discount Rate (current $'s) % 6% 6% 6% 6%
AFDC Rate (current $'s) % 4% 4% 4% 4%
First-year Carrying Charge (current $'s) % 9% 9% 9% 9%
Levelized Carrying Charge (current $'s) % 9% 9% 9% 9%
First-year Carrying Charge (constant $'s) % 9% 9% 9% 9%
Levelized Carrying Charge (constant $'s) % 9% 9% 9% 9%
Sales Tax % 0% 0% 0% 0%
Escalation Rates:
Consumables (O&M) % 3% 3% 3% 3%
Capital Costs:
Is Chem. Eng. Cost Index available? Mde Yes Yes Yes Yes
If "Yes" input cost basis CE Plant Irde Integer 468.2 468.2 468.2 468.2
If "No" input escalation rate. % 3% 3% 3% 3%
Construction Labor Rate (Not Used N Calc) $/hr $35 $35 $35 $35
Prime Contractor's Markup % 3% 3% 3% 3%
Operating Labor Rate $/hr $40 $40 $40 $40
Power Cost Mills/kWh 35 35 35 35
Steam Cost $/1000 Ibs 3.5 3.5 35 35
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Limestone Forced Oxidation (L SFO) I nputs

Any By-Pass around the scrubber 2 2 2 2
(1 =vyes, 2=n0)
Percent of By-Passed Gas % 0.0% 0.0% 0.0% 0.0%
SO2 Removal Required % 95.0% 90.0% 95.0% 90.0%
L/G Ratio gal / 1000 acf 50 50 50 50
Design Scrubber with Dibasic Acid Addition? Integer 2 2 2 2
(1 =yes, 2 =no)
Adiabatic Saturation Temperature °F 135 135 135 135
Reagent Feed Ratio Factor 1.03 1.03 1.03 1.03
(Mole CaCO3 / Mole SO2 removed)
Scrubber Slurry Solids Concentration Wt. % 15% 15% 15% 5%1
Stacking, Landfill, Wallboard Integer 1 1 1 1
(1 = stacking, 2 = lanfill, 3 = wallboard)
Number of Absorbers Integer 1 1 2 2
(Max. Capacity = 700 MW per absorber)
Absorber Material Integer 1 1 1 1
(1 = alloy, 2 = RLCS)
Absorber Pressure Drop in. H20 6 6 6 6
Reheat Required ? Integer 2 2 2 2
(1 =yes, 2=no)
Amount of Reheat °F 0 0 0 0
Reagent Bulk Storage Days 30 30 30 30
Reagent Cost (delivered) $/ton $114 $114 $114 $114
Landfill Disposal Cost $/ton $30 $30 $30 $30
Stacking Disposal Cost $/ton $6 $6 $6 $6
Credit for Gypsum Byproduct $/ton $0 $0 $0 $0
Maintenance Factors by Area (% of Installed Qost)
Reagent Feed % 3% 3% 3% 3%
SO2 Removal % 3% 3% 3% 3%
Flue Gas Handling % 3% 3% 3% 3%
Waste / Byproduct % 3% 3% 3% 3%
Support Equipment % 3% 3% 3% 3%
Contingency by Area (% of Installed Cost)
Reagent Feed % 20% 20% 20% 20%
SO2 Removal % 20% 20% 20% 20%
Flue Gas Handling % 20% 20% 20% 20%
Waste / Byproduct % 20% 20% 20% 20%
Support Equipment % 20% 20% 20% 20%
General Facilities by Area (% of Installed Cost
Reagent Feed % 10% 10% 10% 10%
SO2 Removal % 10% 10% 10% 10%
Flue Gas Handling % 10% 10% 10% 10%
Waste / Byproduct % 10% 10% 10% 10%
Support Equipment % 10% 10% 10% 10%
Engineering Fees by Area (% of Installed Cost|
Reagent Feed % 10% 10% 10% 10%
SO2 Removal % 10% 10% 10% 10%
Flue Gas Handling % 10% 10% 10% 10%
Waste / Byproduct % 10% 10% 10% 10%
Support Equipment % 10% 10% 10% 10%
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Lime Spray Dryer (LSD) |nputs

SO2 Removal Required % 90% 90% 90% 90%
Adiabatic Saturation Temperature °F 135 135 135 135
Flue Gas Approach to Saturation °F 25 25 25 25
Spray Dryer Outlet Temperature °F 160 160 160 160
Reagent Feed Ratio Factor 1.30 1.30 1.30 1.30
(Mole CaO / Mole Inlet SO2)
Recycle Rate Factor 7.5 7.5 7.5 7.5
(Ib recycle / Ib lime feed)
Recycle Slurry Solids Concentration Wt. % 30% 30% 30% %30
Number of Absorbers Integer 1 1 1 1
(Max. Capacity = 300 MW per spray dryer)
Absorber Material Integer 3 3 3 3
(1 = alloy, 2 = RLCS)
Spray Dryer Pressure Drop in. H20 5 5 5 5
Reagent Bulk Storage Days 30 30 30 30
Reagent Cost (delivered) $/ton $114 $114 $114 $114
Dry Waste Disposal Cost $/ton $7 $7 $7 $7
Maintenance Factors by Area (% of Installed Gost)
Reagent Feed % 2% 2% 2% 2%
SO2 Removal % 2% 2% 2% 2%
Flue Gas Handling % 2% 2% 2% 2%
Waste / Byproduct % 2% 2% 2% 2%
Support Equipment % 2% 2% 2% 2%
Contingency by Area (% of Installed Cost)
Reagent Feed % 20% 20% 20% 20%
S0O2 Removal % 20% 20% 20% 20%
Flue Gas Handling % 20% 20% 20% 20%
Waste / Byproduct % 20% 20% 20% 20%
Support Equipment % 20% 20% 20% 20%
General Facilities by Area (% of Installed Cost,
Reagent Feed % 10% 10% 10% 10%
SO2 Removal % 10% 10% 10% 10%
Flue Gas Handling % 10% 10% 10% 10%
Waste / Byproduct % 10% 10% 10% 10%
Support Equipment % 10% 10% 10% 10%
Engineering Fees by Area (% of Installed Cost
Reagent Feed % 10% 10% 10% 10%
SO2 Removal % 10% 10% 10% 10%
Flue Gas Handling % 10% 10% 10% 10%
Waste / Byproduct % 10% 10% 10% 10%
Support Equipment % 10% 10% 10% 10%
Particulate Control | nputs
Outlet Particulate Emission Limit Ibs/MMBtu 0.03 0.015 0.03 0.03
Fabric Filter:
Pressure Drop in. H20 8 8 8 8
Type (1 = Reverse Gas, 2 = Pulse Jet) Integer 2 2 2 2
Gas-to-Cloth Ratio ACFM#At 3.5 3.5 3.5 3.5
Bag Material (RGFF fiberglass only) Integer 3 3 3 3
(1 = Fiberglass, 2 = Nomex, 3 = Ryton)
Bag Diameter inches 6 6 6 6
Bag Length feet 26 26 26 26
Bag Reach 3 3 3 3
Compartments out of Service % 10% 10% 10% 10%
Bag Life Years 3 3 3 3
Maintenance (% of installed cost) % 5% 5% 5% 5%
Contingency (% of installed cost) % 20% 20% 20% %20
General Facilities (% of installed cost) % 10% 094 10% 10%
Engineering Fees (% of installed cost) % 10% 10% 10% 10%
ESP:
Strength of the electric field in the ESIE = kV/cm 10.0 10.0 10.0 10.0
Plate Spacing in. 16 16 16 16
Plate Height ft. 36 36 36 36
Pressure Drop in. H20 2 2 2 2
Maintenance (% of installed cost) % 5% 5% 5% 5%
Contingency (% of installed cost) % 20% 20% 20% %20
General Facilities (% of installed cost) % 10% 096 10% 10%
Engineering Fees (% of installed cost) % 10% 10% 10% 10%




